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The U.S. Environmental Protection Agency is charged by Congress with 
protecting the Nation's land, air, and water resources. Under a mandate of national 
environmental laws, the Agency strives to formulate and implement actions leading to 
a compatible balance between human activities and the ability of natural systems to 
support and nurture life. To meet this mandate, EPA's research program is providing 
data and technical support for solving environmental problems today and building a 
science knowledge base necessary to manage our ecological resources wisely, 
understand how pollutants affect our health, and prevent or reduce environmental risks 
in the future. 

The National Risk Management Research Laboratory (NRMRL) is the Agency's 
center for investigation of technological and management approaches for preventing 
and reducing risks from pollution that threaten human health and the environment. The 
focus of the Laboratory's research program is on methods and their cost-effectiveness 
for prevention and control of pollution to air, land, water, and subsurface resources, 
protection of water quality in public water systems; remediation of contaminated sites, 
sediments and ground water; prevention and control of indoor air pollution; and 
restoration of ecosystems. NRMRL collaborates with both public and private sector 
partners to foster technologies that reduce the cost of compliance and to anticipate 
emerging problems. NRMRL’s research provides solutions to environmental problems 
by: developing and promoting technologies that protect and improve the environment; 
advancing scientific and engineering information to support regulatory and policy 
decisions; and providing the technical support and information transfer to ensure 
implementation of environmental regulations and strategies at the national, state, and 
community levels. 
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long-term research plan. It is published and made available by EPA's Office of 
Research and Development to assist the user community and to link researchers with 
their clients. 
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Abstract 

In December 2000, the U.S. Environmental Protection Agency (USEPA) announced its intent to 
regulate mercury emissions from coal-fired electric utility steam generating plants. This report, 
produced by EPA’s Office of Research and Development (ORD), National Risk Management 
Research Laboratory (NRMRL), provides additional information on mercury emissions control, 
following the release of “ Study of Hazardous Air Pollutant Emissions from Electric Utility 
Steam Generating Plants - Final Report to Congress,” in February 1998. The first three chapters 
describe EPA’s December 2000 decision to regulate mercury under the National Emission 
Standards for Hazardous Air Pollutants (NESHAP) provisions of the Clean Air Act, coal use in 
electric power generation, and mercury behavior in coal combustion. Chapters 4-9 report: new 
information on current electric utility fuels, boilers, and emission control technologies; mercury 
emissions associated with these diverse technology combinations; results and implications of 
tests to evaluate the performance of mercury control technologies and strategies; retrofit control 
cost modeling; and mercury behavior in solid residues from coal combustion. The final chapter 
summarizes current research and identifies future efforts needed to ensure cost-effective control 
of mercury emissions. References are provided at the conclusion of each chapter. 

Preface 

This is an interim report, based on data available as of mid-2001, which in some cases are 
limited. As more data are collected and evaluated, some of the conclusions reached in this report 

may be modified. 
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Executive Summary 

Overview 

This report documents current knowledge on the emission and control of mercury (Hg) 
from coal-fired electric utility plants. The purpose of the report is to provide information on the 
status of government and industry efforts in developing improved technologies for the control of 
Hg emissions. 

This is an interim report, which contains information available in the public domain prior 
to June 2001. Since then, the results of additional research have been published. This additional 
information can be found in DOE, EPA, and EPRI reports, in journal articles, and in the 
proceedings of conferences. Two recent conferences provided significant new information on 
the control of Hg emissions -- the A&WMA 2001 Annual Conference (Orlando, FL, June 2001), 
and the A&WMA Specialty Conference on Mercury (Chicago, IL, August 2001). 

The first part of the report (Chapters 1 through 3) is directed to readers outside the 
research community who are interested in Hg emission and Hg control issues. Information is 
provided on: 

•	 Legislative and regulatory background of EPA’s December 2000 decision to regulate 
Hg emissions from coal-fired electric utility generating stations, 

• Studies made in support of EPA's regulatory determination, 

•	 Fuels, combustion technologies, and pollution control technologies used for coal-fired 
steam electric generating units, and 

•	 Research results from an official Information Collection Request (ICR) on the fuels 
and technologies used by the utility industry in 1999 at coal-fired steam electric 
generating stations. 

The second part of the report (Chapters 4 through 10) is directed to all readers. It focuses 
on the review and evaluation of information that has been gathered since the publication of: 
EPA's Mercury Study Report to Congress; EPA’s Study of Hazardous Air Pollutant Emissions 
from Electric Utility Steam Generating Units--Final Report to Congress; and the A&WMA 
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Critical Review: Mercury Measurement and Its Control. The second part of the report contains 
information on: 

• Hg measurement methods, 

• Forms of Hg (speciation) and the capture of Hg in flue gas from combustion of coal, 

•	 Evaluation of the ICR flue gas data on Hg concentrations upstream and downstream 
of air pollution control devices (APCDs), 

•	 Summary of retrofit control technologies that can be used to limit Hg emissions at 
coal-fired plants currently equipped with particulate matter (PM) control devices, 
and dry or wet flue gas desulfurization (FGD) scrubbing systems, 

•	 Estimates of the costs of controlling Hg emissions by the use of powdered activated 
carbon (PAC), 

•	 Overview of the current coal combustion residue (CCR) management practices and 
the identification of environmental issues requiring additional research, and 

• Conclusions, overview of current research, and research recommendations. 

Detailed supporting information is provided in Appendices. 

Background 

The 1990 Clean Air Act Amendments required EPA to study the health and 
environmental impacts of hazardous air pollutants (HAPs) emitted from electric utility boilers. 
The Agency was also required to conduct a study of the potential health and environmental 
impacts of Hg emitted from anthropogenic sources in the United States. The EPA subsequently 
published an 8-volume Mercury Study Report to Congress in December 1997 and a Study of 
Hazardous Air Pollutant Emissions from Electric Utility Steam Generating Units--Final Report 
to Congress in February 1998. The Hg report to Congress identified coal-fired utility boilers as 
the largest single anthropogenic source of Hg emissions in the United States. The utility HAP 
report indicated that there was a plausible link between Hg emissions from coal-fired boilers and 
health risks posed by indirect exposure to methylmercury. 

In December 2000, EPA announced its intent to regulate HAP emissions from coal- and 
oil-fired electrical generating stations. The decision to regulate HAP emissions from coal-fired 
units was based on: 
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• A National Academy of Science study on the health effects of methylmercury, 

•	 The collection and analysis of coal- and flue-gas Hg data under an official Information 
Collection Request (ICR), and 

• Studies concerning the status of Hg emission control technologies. 

Three important milestones are incorporated in EPA's decision to regulate HAP 
emissions from coal-fired electric generating units: 

• The proposal of regulations by December 2003, 

• The promulgation of regulations by December 2004, and 

• Compliance with the regulations by December 2007. 

Electric Utility Coal Combustion and Air Pollution Control Technologies 

The EPA ICR data collection effort was conducted in three phases. In Phase I, 
information was collected on the fuels, boiler types, and air pollution control devices (APCDs) 
used at all coal-fired utility boilers in the United States. In Phase II, coal data were collected and 
analyzed by the utility industry for 1,140 coal-fired and three integrated gasification, combined 
cycle (IGCC) electric power generating units. Each coal sample was analyzed for Hg content, 
chlorine (Cl) content, sulfur content, moisture content, ash content, and calorific value. In Phase 
III, flue gas Hg measurements were made using the modified Ontario-Hydro (OH) Method for 
total and speciated Hg. Additional coal samples were collected and analyzed in conjunction with 
the OH Method measurements. 

The EPA ICR data indicated that, in 1999, coal-fired steam electric generating units in the 
U.S. burned 786 million tons of coal of which about 52 percent was bituminous and 37 percent 
was subbituminous. Other fuels included lignite, anthracite coal, reclaimed waste coal, mixtures 
of coal and petroleum coke (pet-coke), and mixtures of coal and tire-derived fuel (TDF). 
Pulverized coal-fired (PC) boilers represent approximately 86 percent of the total number and 90 
percent of total utility boiler capacity. Based on capacity, other types of boilers include cyclone-
fired boilers (7.6 percent), fluidized-bed combustors (1.3 percent), and stoker-fired boilers (1.0 
percent). 

The 1999 EPA ICR responses indicate that a variety of emission control technologies are 
employed to meet requirements for sulfur dioxide (SO2), nitrogen oxides (NOx), and particulate 
matter (PM). Most utilities control NOx by combustion modification techniques and SO2 by the 
use of compliance coal. For post-combustion controls, 77.4 percent of the units have PM control 
only, 18.6 percent have both PM and SO2 controls, 2.5 percent have PM and NOx controls, and 1.3 
percent have three post-combustion control devices. 
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The different types of post-combustion control devices are listed below: 

Particulate matter (PM) control technologies include electrostatic 
precipitators (ESPs), fabric filters (FFs) (also called “baghouses”), and 
particulate scrubbers (PS). ESPs and FFs may be classified as either cold-
side (CS) devices [installed upstream of the air heater where flue gas 
temperatures range from 284 to 320 ºF (140 to 160 °C)] or hot-side 
[installed downstream of the air heater and operate at temperatures ranging 
from 662 to 842 ºF (350 to 450 °C)]. Based on current information, it 
appears that little Hg can be captured in HS-ESPs. 

SO2 post-combustion control technologies are systems that are classified as 
wet flue gas desulfurization (FGD) scrubbers, semi-dry scrubbers, or dry 
injection. Wet FGD scrubber controls remove SO2 by dissolving it in a 
solution. A PM control device is always located upstream of a wet 
scrubber. PM devices that may be used with wet FGD scrubbers include a 
PS, CS-ESP, HS-ESP, or FF baghouse. Semi-dry scrubbers include spray 
dryer absorption (SDA). Dry injection involves injecting dry powdered 
lime or other suitable sorbent directly into the flue gas. A PM control 
device (ESP or FF) is always installed downstream of a semi-dry scrubber 
or dry injection point to remove the sorbent from the flue gas. 

NOx post-combustion control technologies include selective non-catalytic 
reduction (SNCR) and selective catalytic reduction (SCR) processes. With 
both of these methods, a reducing agent such as ammonia or urea is 
injected into the duct to reduce NOx to N2. SCR operates at lower 
temperatures than SNCR and is more effective at reducing NOx, but it is 
more expensive. 

For PM control, ESPs are used on 84 percent of the existing electric utility coal-fired 
boiler units, and FF baghouses are used on 14 percent of the utility units. Post-combustion SO2 

controls are less common. Wet flue gas desulfurization (FGD) systems are used on 15.1 percent 
of the units; and, dry scrubbers, predominantly spray dryer absorbers (SDA), are used on 4.6 
percent of units that were surveyed. While the application of post-combustion NOx controls is 
becoming more prevalent, only 3.8 percent of units used either selective non-catalytic reduction 
(SNCR) or selective catalytic reduction (SCR) systems in 1999. 

Mercury Measurement Methods 

When the coal is burned in an electric utility boiler, the resulting high combustion 
temperatures vaporize the Hg in the coal to form gaseous elemental mercury (Hg0). Subsequent 
cooling of the combustion gases and interaction of the gaseous Hg0 with other combustion 
products result in a portion of the Hg being converted to gaseous oxidized forms of mercury 
(Hg2+) and particle-bound mercury (Hgp). The term speciation is used to denote the relative 
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amounts of these three forms of Hg in the flue gas. The total Hg in flue gas (HgT) is the sum of 
Hgp, Hg2+, and Hg0. It is the ability to measure these forms of Hg, either collectively or 
individually, which distinguishes the capabilities of available measurement methodologies. 

The Hg in flue gas can be measured by either manual sampling methods or by the use of a 
continuous emission monitor (CEM). Manual methods are available for the measurement of HgT 

and the speciation of Hg, including Hgp. CEMs are now available to measure gas-phase HgT. 

Manual Test Methods 

Manual sampling methods for measuring HgT from combustion processes are well 
established. EPA Methods 101A and 29 are routinely used to measure HgT in flue gas from 
incineration and coal combustion. While a validated reference method for the measurement of 
the speciated forms of Hg does not exist, the Ontario-Hydro (OH) method is the de facto method 
of choice. 

Generally, sampling trains used to collect flue gas samples for Hg analysis consist of the 
same components: a nozzle and probe operated to extract a representative sample from a duct or 
stack; a filter to collect PM; and a series of impingers with liquid reagents to capture gas-phase 
Hg. Sampling trains used for speciation measurements sequentially capture Hg2+ and Hg0 in 
different impingers. After sampling, the filter and sorption media are prepared and analyzed for 
Hg in a laboratory. 

While several research methods exist for performing speciated Hg measurements, the OH 
Method is presently the method of choice for measuring Hg species in the flue gas from coal-
fired utility plants. The OH method has been shown to provide valid Hg speciation 
measurements when samples are taken downstream of an efficient PM control device. However, 
the OH Method can give erroneous speciation measurements for locations upstream of PM 
control devices because of sampling artifacts. 

Fly ash captured by the sampling train filter can absorb Hg2+ and Hg0. Catalytic 
properties of the fly ash can also oxidize Hg0, resulting in physical and chemical transformations 
within the sampling train. Transformations caused by the sampling process are called artifacts, 
and the resulting measurements do not accurately reflect critical properties of Hg at the locations 
where the samples were taken. Sampling methods have not yet been developed to overcome 
measurement artifacts associated with high flue gas concentrations of fly ash. 

Continuous Emission Monitors (CEMs) 

Continuous emission monitors (CEMs) are in some respects superior to manual 
measurement methods. CEMs provide a rapid real-time or near real-time response, which can be 
used to characterize temporal process variations that cannot be measured with manual 
measurement methodologies. Mercury CEMs are similar to most combustion process CEMs in 
that a flue gas sample must be extracted from the stack and then transferred to the analyzer for 
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detection. However, Hg monitoring is complicated by the fact that Hg exists in different forms 
and that quantitative transport of all forms is difficult. 

The CEMs designed to measure total gas-phase Hg (Hg2+ and Hg0) are now routinely 
used in Europe and Japan to measure Hg emissions from incinerators. The Hg concentrations in 
the stack gas from well-controlled emission sources contain negligible amounts of Hgp, and the 
measurement of gas-phase Hg downstream of the emission control devices can be considered to 
be equivalent to the measurement of HgT. 

The detectors in Hg CEMs typically measure Hg0 by the use of cold vapor atomic 
absorption spectroscopy (CVAAS) or cold vapor atomic fluorescence spectroscopy (CVAFS). 

0HgT concentrations are measured by converting (reducing) all of the Hg2+ in the sample to Hg 
before it enters the detector. Various conversion techniques exist, including thermal, catalytic, 
and wet chemical methods. The wet chemical technique is currently used in commercial 
monitors that are capable of speciation measurement. The use of wet chemical reagents results in 
high operating costs, which are the primary limitation to the Hg CEM’s use as a compliance tool. 

Speciating Hg CEMs are highly valuable as research tools. Several commercially 
available HgT CEMs have been modified to indirectly measure Hg2+ by determining the 

0difference between gas-phase HgT and Hg . Hg CEMs are susceptible to the same PM-related 
measurement artifacts associated with manual measurements, and users of Hg CEMs in high dust 
conditions must consider this problem. 

Regardless of the sampling method, the key to reliable and accurate Hg sampling and 
continuous monitoring is maintaining sample integrity. Flue gases may contain particles that 
change the species of Hg within the sampling train or CEM system. While this does not change 
the total Hg measurement, it may bias the determination of Hg vapor species, which may be used 
to estimate the potential for Hg capture, as well as to assess the performance of control devices. 
Similarly, common flue gas constituents, such as SO2, HCl and NOx, may affect quantitative 
measurement performance. 

Additional research is needed to investigate and overcome measurement obstacles so that 
speciating CEMs can serve as process monitors and as a research tool for evaluating the 
effectiveness of emission controls. Such research can also provide a better understanding of the 
factors that affect Hg speciation. 

Speciation and Capture of Mercury 

Mercury Speciation 

The capture of Hg by flue gas cleaning devices is dependent on Hg speciation. Both Hg0 

and Hg2+ are in vapor-phase at flue gas cleaning temperatures. Hg0 is insoluble in water and 
cannot be captured in wet scrubbers. The predominant Hg2+compounds in coal flue gas are 
weakly to strongly soluble, and the more-soluble species can be generally captured in wet FGD 

ES-6




scrubbers. Both Hg0 and Hg2+ are adsorbed onto porous solids such as fly ash, powdered 
activated carbons (PAC), or calcium-based acid gas sorbents for subsequent collection in a PM 
control device. Hg2+ is generally easier to capture by adsorption than Hg0. Hgp is attached to 
solids that can be readily captured in ESPs and FFs. 

Flue gas cleaning technologies that are applied on combustion sources employ three basic 
methods to capture Hg: 

• Capture of Hgp in PM control devices; 
•	 Adsorption of Hg0 and Hg2+ onto entrained sorbents for subsequent capture in PM 

control devices; and 
• Solvation of Hg2+ in wet scrubbers. 

The factors that affect the speciation and capture of Hg in coal-fired combustion systems 
include the type and properties of coal, the combustion conditions, the types of flue gas cleaning 
technologies employed, and the temperatures at which the flue gas cleaning systems operate. 

Oxidation reactions that affect the speciation of Hg include homogeneous, gas-phase 
reactions and heterogeneous gas-solid reactions associated with entrained particles and surface 
deposits. Suspected flue gas oxidants involved in Hg0 oxidation include oxygen (O2), ozone (O3), 
hydrochloric acid (HCl), chlorine (Cl), nitrogen dioxide (NO2) and sulfur trioxide (SO3). Many 
of these oxidants are also acid species, which may be significantly impaired by the presence of 
alkaline species in fly ash, such as sodium, calcium and potassium. Heterogeneous oxidation 
reactions may be catalyzed by metals such as iron, copper, nickel, vanadium, and cobalt. 
Conversion of Hg0 to Hg2+ may be followed by adsorption to form Hgp. 

The determination of which mechanisms, oxidants, and catalysts are dominant is crucial 
in developing and implementing Hg control strategies. For example, the impaired oxidation of 
Hg in subbituminous coals and lignites is probably related to lower concentrations of HCl in flue 
gas and high alkalinity of the fly ash. PM collectors and scrubbers reflect this in the low 
removals of Hg in the ICR database. 

Fundamentals of Sorption 

Sorbents used for the capture of Hg can be classified as Hg sorbents or multipollutant 
sorbents. Sorbents evaluated for Hg capture have been manufactured from a number of different 
materials such as lignite, bituminous coal, zeolites, waste biomass, and waste tires. The 
manufacturing process typically involves some type of thermal treatment. Additives are often 
used to produce impregnated sorbents. 

For coal-fired electric utility boiler applications, the use of sorbents to capture gas-phase 
Hg (or gas-phase Hg and acid gases) is limited to the use of finely ground powdered sorbents. 
These sorbents can be injected upstream of PM control devices to collect the sorbent and 
adsorbed Hg. The development of improved sorbents is needed because of poor sorbent 
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utilization that results from low flue gas concentrations of Hg and short sorbent exposure times 
in units equipped with CS-ESPs. The performance of a sorbent is related to its physical and 
chemical characteristics. The best performing sorbents must be carefully matched to 
performance requirements as defined by the application for which it is to be used. For example, 
properties and performance requirements of sorbents used for capture of SO2 and Hg0 are quite 
different. In a similar fashion, the performance criteria for sorbents used with flue gas from 
bituminous coal will probably be different from the sorbents used with sub-bituminous coals. 

Sorbents are porous materials. The most common physical properties related to sorbent 
performance are surface area, pore size distribution, and particle size distribution. The capacity 
for Hg capture generally increases with increasing surface area and pore volume. The ability of 
Hg and other sorbates to penetrate into the interior of a particle is related to pore size distribution. 
The pores of the sorbent must be large enough to provide free access to internal surface area by 
Hg0 and Hg2+ while avoiding excessive blockage by previously adsorbed reactants. As particle 
size decreases, access to the internal surface area of the particle increases, along with potential 
adsorption rates. Powdered activated carbons used for Hg control typically have diameters of 44 
µm or smaller. 

Mercury can be either physically or chemically adsorbed. Physical adsorption 
(physisorption) typically results from van der Waals and Coulombic (electrostatic) interactions 
between the sorbent and the sorbate. The resulting bonds are weak (typically < 10-15 kcal/mole) 
and are easily reversed. 

Chemical adsorption (chemisorption) involves the establishment of a chemical bond (as 
the result of a chemical reaction, electron transfer). Chemisorption results in stronger bonds than 
physisorption and is not necessarily reversible. Chemical adsorption is also dependent on the 
presence of chemically active sites where the sorbate is chemically bound. Some of the chemical 
constituents of activated carbons influencing Hg capture include: sulfur content, iodine content, 
and chlorine content. Impregnation of carbons with sulfur, iodine, or chlorine can increase the 
reactivity and capacity of sorbents. Hg0 is likely oxidized and sorbed in a rapid two step reaction, 
either chemically by reaction with strong ionic groups such as Cl-, I-, or S= or physically through 
interaction with functional groups in sorbent pores. 

The HgCl2 is readily adsorbed onto both carbon and calcium based sorbents, probably 
by acid-base reactions. Section 5.5 details the fundamental research to develop carbon and 
calcium sorbents for Hg vapor capture. 

Evaluation of Sorbents 

Sorbents may be evaluated by bench-, pilot-scale, or full-scale experiments. The initial 
screening of sorbents has typically been conducted using bench-scale, packed-bed experimental 
reactors. These reactors are used to evaluate the adsorption capacity of sorbents exposed to Hg 
in a synthetic flue gas made from compressed bottled gases. The reactor is held at a 
predetermined temperature, and either Hg0 or HgCl2 is fed into the synthetic flue gas upstream of 
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the reactor. An on-line Hg analyzer is used to continuously monitor the Hg content of the inlet 
flue gas and of that after exposure to the sorbent fixed bed. These reactors are used to determine 
the effects of temperature and flue gas composition on the performance of sorbents. These 
reactors provide results that are primarily applicable to the capture of Hg in FF baghouses. 

Flow reactors that expose sorbents to flue gas during short residence experiments can be 
used to simulate conditions associated with ESPs. These reactors can be used to explore the rates 
of Hg adsorption and determine the effects of temperature and flue gas composition. The most 
effective screening tests are conducted with reactors that are installed on a slip stream from a 
pilot- or full-scale coal combustion system. Large pilot- or full-scale tests must be used to 
assess the effects of mass transfer limitations (i.e., mixing and diffusion of flue gas constituents) 
and long-term equipment operability. 

Wet FGD Scrubbers 

Oxidized mercury compounds such as HgCl2 are soluble in water and alkaline scrubbing 
solutions. Thus, the oxidized fraction of Hg vapors in flue gas is effectively captured when a 
power plant is operated with wet or semi-dry scrubbers for removing SO2. The elemental 
fraction, on the other hand, is insoluble and is not removed to any significant degree. The 
challenge to Hg removal in wet FGD scrubbers, then, is to find some way to oxidize the 
elemental Hg vapor before it reaches the scrubber or to modify the liquid phase of the scrubber to 
cause oxidation to occur. 

Evaluation of EPA ICR Mercury Emissions Data 

The methods used to evaluate the ICR data were based on two interrelated objectives. The 
first method was to estimate the speciated amount and the geographical distribution of national Hg 
emissions from coal-fired power plants in 1999. The second method was to characterize the 
effects of coal properties, combustion conditions, and flue gas cleaning methods on the speciation 
and capture of Hg. 

Mercury Capture by Existing Air Pollution Control Devices 

The air pollution control technologies now used on pulverized-coal-fired utility boilers 
exhibit average levels of Hg control that range from 0 to 98 percent, as shown in Table ES-1. The 
best levels of control are generally obtained by emission control systems that use FFs. The 
amount of Hg captured by a given control technology is better for bituminous coal than for either 
subbituminous coal or lignite. 

The lower levels of Hg capture in plants firing subbituminous coal and lignite are 
attributed to low fly ash carbon content and the higher relative amounts of Hg0 in the flue gas from 
combustion of these fuels. The average capture of Hg based on OH Method inlet measurements 
in PC fired plants equipped with a cold-side ESP is 35 percent for bituminous coal, 3 percent for 
sub-bituminous coal and near zero for lignite. 
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Errata Page ES-10, dated 3-21-02 

Table ES-1. Mean mercury emission reduction for pulverized-coal-
fired boilers. 

Post-combustion Emission 
Controls 

Used for PC Boiler 

Average Mercury Emission Reduction (%) a 

Bituminous-coal-
fired 

Subbituminous­
coal-fired 

Lignite-
fired 

PM Control 
Only 

CS-ESP 36 % 3 % -4 % 

HS-ESP 9 % 6 % not tested 

FF 90 % 72 % not tested 

PS not tested 9 % not tested 

PM Control 
and 

Spray Dryer 
Adsorber 

SDA + ESP not tested 35 % not tested 

SDA + FF 98 % 24 % 0 % 

SDA + FF + 
SCR 98 % not tested not tested 

PM Control 
and 

Wet FGD 
System 

PS + FGD 12 % -8 % 33 % 

CS-ESP + FGD 75 % 29 % 44 % 

HS-ESP + FGD 49 % 29 % not tested 

FF + FGD 98 % not tested not tested 
a) Mean reduction from test 3-run averages for each PC boiler unit in Phase III EPA ICR data base. 

Plants that employ only post-combustion PM controls display average Hg emission 
reductions ranging from 0 to 89 percent. The highest levels of control were observed for units 
with FFs. Decreasing levels of control were shown for units with ESPs, PS, and mechanical 
collectors. 

Units equipped with lime spray dryer absorber scrubbers (SDA/ESP or SDA/FF 
systems) exhibited average Hg captures ranging from 98 percent for units burning bituminous 
coals to 3 percent for units burning subbituminous coal. The predominance of Hg0 in stack gas 
units that are fired with subbituminous coal and lignite results from low levels of Hg0 

oxidization. 

The capture of Hg in units equipped with wet FGD scrubbers is dependent on the 
relative amount of Hg2+ in the inlet flue gas and on the PM control technology used. Average 
Hg captures in wet FGD scrubbers ranged from 23 percent for one PC-fired HS-ESP + FGD 
unit burning subbituminous coal to 97 percent in a PC-fired FF + FGD unit burning 
bituminous coal. The high Hg capture in the FF + FGD unit is attributed to increased 
oxidization and capture of Hg in the FF. 

Mercury captures in PC-fired units equipped with spray dry scrubbers and wet limestone 
scrubbers appear to provide similar levels of control on a percentage reduction basis. However, 
this observation is based on a small number of short-term tests at a limited number of facilities. 
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Additional testing will be required to characterize the effects of fuel, combustion conditions, and 
APCD conditions on the speciation and capture of Hg. 

National Emission Estimates 

The data used for estimating the national Hg emissions were: (1) the mean Hg content of 
coal burned in any given unit during 1999, (2) the amount of coal burned in that unit during 1999, 
and (3) best match coal-boiler-control device emission factor for the unit. The results of these 
estimates indicated that: 

•	 Coal and related fuels burned in coal-fired utility boilers in 1999 contained 75 tons of 
Hg, and 

•	 Forty-eight tons of Hg was emitted to the atmosphere in 1999 from coal-fired utility 
power plants. 

Multipollutant Controls 

The EPA ICR data indicate that technologies currently in place for control of criteria 
pollutants achieve reductions in Hg emissions that range from 0 to > 90 percent. Current levels 
of Hg control can be increased by application of retrofit technologies or methods designed to 
increase capture of more than one pollutant. This multipollutant approach can utilize the 
synergisms that accrue through the simultaneous application of technologies for NOx and Hg 
control, SO2 and Hg control, or SO2, NOx, and Hg control. 

Bench- and pilot-scale tests have shown that Hg capture in PM control devices generally 
increases as the carbon content of fly ash increases. Increased use of combustion modification 
techniques that increase ash carbon content will generally increase the amount and capture of 
Hgp. 

The EPA ICR data indicate that SCR systems may enhance the oxidation and capture of 
Hg. Recent pilot- and full-scale tests on bituminous coal-fired units equipped with SNCR + CS­
ESP and SCR + SDA/FF systems have confirmed these results. However, improvement in Hg 
capture appears to be highly dependent on the type of coal burned and the design and operating 
conditions of SCR systems. The potential in increased Hg capture associated with the NOx 

control system cannot now be quantified. It is believed, however, that the use of combustion 
modification techniques and post combustion NOx control technologies on NOx state 
implementation plan (SIP) units will also increase the capture of Hg in these units. 

The retrofit of coal-fired electric utility boiler units to control emission of SO2 and fine 
PM is also expected to provide co-benefits in the control of Hg. This is apparent from the 
increased control of Hg on units equipped with FFs, dry FGD scrubbers, and wet FGD scrubbers. 
Mercury or multipollutant sorbents will add minimal capital costs to units that are retrofitted with 
FFs or SDA/FF for control of other pollutants. The use of multipollutant sorbents would be more 
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costly, but the incremental costs of Hg control would be modest. Technologies designed for use 
on existing wet FGD units could also be used for new scrubbers that are intended to control SO2 

and the precursors to secondary fine PM. 

Generally, the control of Hg emissions via multipollutant control technologies can 
provide a cost-effective method for collectively controlling the various pollutants of concern. 

Potential Retrofit Mercury Control Technologies 

A practical approach to controlling Hg emissions at existing utility plants is to minimize 
capital costs by adapting or retrofitting the existing equipment to capture Hg. Potential retrofit 
options for control of Hg were investigated for units that currently use any of the following post 
combustion emission control methods: (1) ESPs or FFs for control of PM, (2) dry FGD 
scrubbers for control of PM and SO2, and (3) wet FGD scrubbers for the control of PM and SO2. 

ESP and FF Systems 

Least costly retrofit options for the control of Hg emissions from units with ESP or FF are 
believed to include: 

•	 Injection of a sorbent upstream of the ESP or FF. Cooling of the stack gas or 
modifications to the ducting may be needed to keep sorbent requirements at acceptable 
levels. 

•	 Injection of a sorbent between the ESP and a pulsejet FF retrofitted downstream of the 
ESP. This approach will increase capital costs but reduce sorbent costs. 

•	 Installation of a semi-dry circulating fluidized-bed absorber (CFA) upstream of an 
existing ESP used in conjunction with sorbent injection. The CFA recirculates both fly 
ash and sorbent to create an entrained bed with a large number of reaction sites. This 
leads to higher sorbent utilization and enhanced fly ash capture of Hg and other 
pollutants. 

Units equipped with a FF require less sorbent than units equipped with an ESP. ESP 
systems depend on in-flight adsorption of Hg by entrained fly ash or sorbent particles. FFs 
obtain the same in-flight Hg adsorption as ESPs and additional adsorption as the flue gas passes 
through the FF cake. 

In general, the successful application of cost-effective sorbent injection technologies for 
ESP and FF units will depend on: (1) the development of lower cost and/or higher performing 
sorbents, and (2) appropriate modifications to the operating conditions of equipment being 
currently used to control emission of PM, NOx, and SO2. 
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Semi-Dry FGD Systems 

SDA systems that use calcium-based sorbents are the most common dry FGD systems 
used in the electric utility industry. An aqueous slurry containing the sorbent is sprayed into an 
absorber vessel where the flue gas reacts with the drying slurry droplets. The resulting, particle-
laden, dry flue gas then flows to an ESP or a FF where fly ash and SO2 reaction products are 
collected. 

CFAs are “vertical duct absorbers” that allow simultaneous gas cooling, sorbent injection 
and recycle, and gas absorption by flash drying of wet lime reagents. It is believed that CFAs can 
potentially control Hg emissions at costs lower than those associated with use of spray dryers. 

Dry FGD systems are already equipped to control emissions of SO2 and PM. The 
modification of these units by the use of appropriate sorbents for the capture of Hg and other air 
toxics is considered to be the easiest retrofit problem to solve. 

Wet FGD Systems 

Wet FGD systems are typically installed downstream of an ESP or FF. Wet limestone 
FGD scrubbers are the most commonly used scrubbers on coal-fired utility boilers. These FGD 
units are expected to capture more than 90 percent of the Hg2+ in the flue gas entering the 
scrubber. Consequently, existing wet FGD scrubbers may lower Hg emissions between 20 and 
80 percent, depending on the speciation of Hg in the inlet flue gas. 

Improvements in wet scrubber performance in capturing Hg depend primarily on the 
oxidation of Hg0 to Hg2+. This may be accomplished by (1) the injection of appropriate 
oxidizing agents or (2) the installation of fixed oxidizing catalysts upstream of the scrubber to 
promote oxidization of Hg0 to soluble species. 

An alternative strategy for controlling Hg emissions from wet FGD scrubbing systems is 
to inject sorbents upstream of the PM control device. In wet FGD systems equipped with ESPs, 
performance gains are limited by the in-flight oxidization of Hg0 and the in-flight capture of Hg2+ 

and Hg0. In systems equipped with FFs, increased oxidization and capture of Hg can be achieved 
as the flue gas flows through the FF. Increased oxidization of Hg0 in the FF will result in 
increased Hg removal in the downstream scrubber. 

Multipollutant Control Methods 

From a long-term perspective, the most cost-effective Hg controls will be those 
implemented with a multipollutant emission control scheme, wherein Hg sorbents also remove 
other pollutants, and catalysts and absorbers are employed to remove bulk contaminants such as 
NO and SO2. Mercury is also removed as a consequence of using particular bulk gas sorbents, 
catalysts, particle collectors, and absorbers. Therefore, while sorbents injected upstream of PM 
collectors may be readily employed for Hg control, the best long-term schemes will result from 
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modifying or adding control systems for other pollutants that also control Hg emissions. Chapter 
9 discusses several applications under development. 

Costs of Retrofit Mercury Control Technologies 

Preliminary annualized costs of Hg controls using powdered activated carbon (PAC) 
injection have been estimated based on recent pilot-scale evaluations with commercially 
available adsorbents (see Table ES-2). These control costs range from 0.305 to 3.783 mills/kWh, 
with the highest costs associated with plants having hot-side electrostatic precipitators (HS-
ESPs). For plants representing 89 percent of current capacity and using controls other than HS-
ESPs, the costs range from 0.305 to 1.915 mills/kWh. Assuming a 40 percent reduction in 
sorbent costs by use of a composite lime-PAC sorbent for Hg removal, cost projections range 
from 0.18 to 2.27 mills/kWh with higher costs again being associated with plants using HS-
ESPs. 

Table ES-2. Estimates of current and projected annualized operating costs for 
retrofit mercury emission control technologies. 

Coal Type 
(sulfur content) 

Existing 
APCD a 

Retrofit 
Mercury Control b 

Current Cost 
(mills/kWh) 

Projected Cost 
(mills/kWh) 

CS-ESP+FGD PAC 0.727 – 1.197 0.436 – 0.718 

FF+FGD PAC 0.305 – 0.502 0.183 – 0.301
Bituminous 

(3% S) 
HS-ESP+FGD PAC+PFF 1.501 – NAc 0.901 – NAc 

CS-ESP SC+PAC 1.017 – 1.793 0.610 – 1.076 

FF SC+PAC 0.427 – 0.753 0.256 – 0.452
Bituminous 
(0.6% S) 

HESP SC+ PAC+PFF 1.817 – 3.783 1.090 – 2.270 

CS-ESP SC+PAC 1.150 – 1.915 0.69 – 1.149 

FF SC+PAC 0.423 – 1.120 0.254 – 0.672
Subbituminous 

(0.5% S) 
HESP SC+PAC+PFF 1.419 – 2.723 0.851 – 1.634 

a)	 CS-ESP = cold-side electrostatic precipitator; HS-ESP = hot-side electrostatic precipitator; FF= fabric filter; 
FGD = flue gas desulfurization 

b) PAC=powdered activated carbon; SC=spray cooling; PFF=polishing fabric filter 
c) NA = not available 

In comparison, the estimated annual costs of Hg controls, as a function of plant size, lie 
mostly between the costs for low-NOx burners (LNBs) and selective catalytic reduction (SCR) 
systems. The costs of Hg control will dramatically diminish if retrofit hardware and sorbents are 
employed for control of other pollutants such as NOx, SO2, or fine PM. 

The performance and cost estimates of PAC injection-based Hg control technologies 
presented in this document are based on relatively few data points from pilot-scale tests and are 
considered to be preliminary. However, based on pilot-scale tests and the results of ICR data 
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evaluations, better sorbents and technologies now being developed will reduce the costs of Hg 
controls beyond current estimates. 

Within the next 2 to 3 years, the evaluation of retrofit technologies at plants where co­
control is being practiced will lead to a more thorough characterization of the performance and 
costs of Hg control. Future cost studies will focus on the development of performance and cost 
information needed to refine cost estimates for sorbent injection based controls, will develop cost 
estimates for wet scrubbing systems that employ methods for oxidizing Hg0, and will determine 
the costs of various multipollutant control options. 

The issue of Hg in residues will also be examined to address concerns related to the 
release of captured Hg species into the environment. These evaluations will be conducted in 
conjunction with the development and evaluation of air pollution emission control technologies. 

Coal Combustion Residues and Mercury Control 

Operation of power plants results in solid discharges including fly ash, bottom ash, boiler 
slag, and FGD residues. These residues already contain Hg, presumably bound Hg that is 
relatively insoluble and non-leachable. In 1998, approximately 108 million tons of coal 
combustion residues (CCRs) were generated. Of this amount, about 77 million tons were 
landfilled and about 31 million tons were utilized for beneficial uses. 

Increased control of Hg emissions from coal-fired power plants may change the amount 
and composition of CCRs. Such changes may increase the potential for release of Hg to the 
environment from either landfilling or uses of CCRs. Mercury volatilization from CCRs in 
landfills and/or surface impoundments is expected to be low due to the low temperatures 
involved and the existence of relatively small surface area per unit volume of residue. For Hg 
control retrofits involving dry or wet FGD scrubbers, the residues are typically alkaline and the 
acid leaching potential of Hg from these residues is expected to be minimal. 

There are several commercial uses of CCR where available data on which to characterize 
the Hg emission potential are lacking. The following CCR uses are given a priority for 
developing additional data in order to characterize the ultimate fate of Hg: 

• The use of fly ash in cement production, 
• The volatilization and leaching of residues used for structural fills, 
• Leaching of residues exposed to the acidic conditions during mining applications, 
•	 Volatilization of Hg during the production of wallboard from gypsum in wet scrubber 

residues, 
•	 Mercury volatilization during the production and application of asphalt with fly ash 

fillers, and 
•	 Leaching or plant uptake of Hg from fly ash, bottom ash, and FGD sludge that are used as 

soil amendments. 
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Current and Planned Research 

DOE, EPA, EPRI, the utility industry, and the control technology industry are funding 
research on the control of Hg emissions from coal-fired boilers. A major portion of this research 
is being funded under cooperative agreements with DOE. These agreements include cost sharing 
by EPRI and other industrial partners. Research on these projects is being jointly coordinated 
under DOE's, EPA's, and EPRI's Hg control technology programs. These research efforts will be 
used to: 

•	 Develop hazardous air pollution Maximum Achievable Control Technology (MACT) 
requirements for electric utility generating units, 

•	 Optimize control of Hg emissions from units that must comply with more stringent 
NOx emission requirements under the NOx SIP, and 

•	 Develop technologies that can be used to control emissions under multipollutant 
control legislation options that are currently being considered. 

Current research efforts include three full-scale test projects, six pilot-scale test projects 
on coal-fired units, the evaluation of Hg CEMs, supporting research on the speciation and 
capture of Hg, and research on CCRs and CCBs. This research includes: 

• One full-scale ESP sorbent injection project with tests at four sites, 

• One full-scale wet FGD scrubber project at two sites, 

•	 One full-scale project on the effects of SNRC, SCR, and SO3 conditioning 
systems at five sites, 

• On-going research on the development and use of Hg CEMs, 

• On-going speciation, capture, and sorbent development research, and 

•	 Small Business Administration projects on development of sorbents, and 
measurement methods. 

Six new pilot-scale DOE projects have been announced in FY2001. These are: 

• Advance particulate collector with sorbent injection (North Dakota-EERC) 

• Evaluation of Hg0 oxidization catalysts (URS Radian Group) 

• Spray cooling and multipollutant sorbents (CONSOL) 

• Evaluation of multipollutant sorbents and CFBA (SRI) 

• Electrical discharge multi-pollution control system (Power Span) 

• Evaluation of advanced sorbents (Apogee Scientific) 
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Conclusions and Recommendations 

Additional efforts are planned to characterize the behavior of Hg in coal combustion 
systems. Further research is needed on the speciation and capture of Hg and on the stability of 
Hg in CCRs and residue by-products. Studies on the control capabilities and costs of potential 
Hg retrofit technologies currently under pilot-scale development are being continued and 
appropriate control technologies are to be evaluated on full-scale units. Additionally, an 
evaluation of the co-control of Hg with available PM, SO2, and NOx controls is needed. 

Mercury measurement and monitoring capabilities must be consistent with the regulatory 
approaches being considered; e.g., speciated vs. total Hg emissions. Field activities need to be 
coordinated to (1) improve the emissions data base, (2) develop the technologies most 
appropriate for Agency goals (e.g., Hg-specific vs. multipollutant), and (3) refine cost data and 
cost-performance models based on actual field experience. 

Finally, EPA must continue to work closely with DOE, EPRI and the utility industry to 
develop Hg and multipollutant control technologies. Collaboration will help ensure that all of 
the scientific knowledge, engineering skills, and financial resources needed to develop control 
technologies and establish the most cost-effective regulatory requirements are available. 

Current and future research should focus on: 

• Control of emissions for units with ESPs, 

• Control of Hg emissions from subbituminous coals and lignite, 

• Evaluation of CFA systems, 

•	 Demonstration of Hg control for units with SDA/ESP and SDA/FF systems, 
0• Development of Hg oxidizing methods for wet FGD systems, 

•	 Evaluation additives for the oxidization of Hg0 and the sequestration 
of Hg2+ in wet scrubbers, 

• Enhancement of fly ash capture by combustion modification techniques, 

• Optimization of NOx controls for Hg control, 

•	 Control of Hg and other air toxic emissions from units equipped with SCR 
and wet FGD scrubbers, 

• Use and evaluation of Hg CEMs, 

• Tests with CEMs to study the variability of Hg emissions, 

• Effects of coal blending on Hg capture, and 

• Effects of cyclone-, stoker-, and fluidized-bed combustion on Hg control. 
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Chapter 1 
Report Background 

1.1 Introduction 

Mercury (Hg) is a metallic element that can be released into the atmosphere from both 
anthropogenic (i.e., made by humans) and natural sources. Ambient Hg concentrations in the air 
are typically very low. Human exposure by direct inhalation of Hg in the air is not the 
predominant public health concern for this metal. However, the Hg in ambient air eventually can 
be re-deposited on land surfaces or directly into rivers, lakes, and oceans. Mercury that enters 
bodies of water by direct deposition from the air or runoff from land surfaces ultimately is 
transformed by biological processes into a highly toxic form of Hg (methylmercury [MeHg]) that 
concentrates in fish and other organisms living in these waters. A study by the National 
Academy of Sciences (NAS) concluded that human exposure to MeHg from eating contaminated 
fish and seafood is associated with adverse health effects related to neurological and 
developmental damage varying in severity depending on the Hg concentrations in the ingested 
food.1  An extreme example of these health effects cited by this study is the high-dosage 
exposure from the consumption of MeHg-contaminated fish by the residents living near 
Minamata Bay in Japan in the 1950s that resulted in fatalities and severe neurological damage. 

The largest anthropogenic source of Hg emissions in the United States is the Hg released 
from burning coal to produce steam for generating electricity. Mercury naturally occurs in trace 
amounts in all coal deposits. When coal is burned in a steam boiler or a furnace, most of the Hg 
bound in the coal is released during the combustion process as gaseous elemental mercury (Hg0). 
Subsequent cooling of the combustion gases and interaction of the gaseous Hg0 with other 
combustion products result in a portion of the Hg being converted to gaseous oxidized forms of 
mercury (Hg2+) and particle-bound mercury (Hgp). 

Coal-fired electric utility power plants currently do not use air pollution controls 
specifically designed to reduce Hg emissions to the atmosphere. However, certain control 
technologies now used at coal-fired electric utility power plants to reduce other air pollutant 
emissions (particulate matter [PM], sulfur dioxide [SO2], nitrogen oxides [NOx]) also reduce Hg 
emissions with varying levels of effectiveness. Methods for enhancing Hg removal by these 
existing controls are being studied. New control technologies to specifically control Hg 
emissions from coal combustion are being developed. Multipollutant control technologies that 
will achieve both high Hg removal and effective control of PM, SO2, and NOx are being 
investigated. 

1-1


2 

http://www.epa.gov/ttn/atw/combust/utiltox/utoxpg.html


The Clean Air Act (CAA) directs the U.S. Environmental Protection Agency (EPA) to 
regulate emissions of air toxics from stationary sources by establishing national air emission 
standards for hazardous air pollutants (NESHAP). Mercury is one of the compounds listed under 
CAA Section 112 as a hazardous air pollutant (HAP).  The EPA Administrator has found that it 
is appropriate and necessary to establish a NESHAP regulating HAP emissions, including Hg, 
from coal-fired electric utility power plants. 

1.2 Report Purpose 

The EPA Office of Research and Development (ORD) National Risk Management 
Research Laboratory (NRMRL) has prepared this Hg emission control technology report. The 
overall purpose of the report is to review and evaluate recent scientific data and new knowledge 
about control technologies that potentially can be used to reduce Hg emissions from coal-fired 
electric utility power plants. The first part of the report is directed to readers outside the research 
community involved in Hg emission control issues by providing background information 
regarding EPA’s NESHAP decision, the use of coal for electrical power generation, and Hg 
behavior in coal combustion gases. The second part of the report is directed to all readers and 
focuses on a review and evaluation of new information that has been gathered by the EPA since 
the Agency’s reports to Congress related to the control of Hg emissions from electric utility 
power plants. Also included in this report are summaries of the results to date from companion 
NRMRL studies investigating the costs of retrofitting potential Hg control technologies to 
existing coal-fired electric utility power plants in the United States and Hg behavior in the ash 
and other solid residues from coal combustion. 

The remainder of Chapter 1 provides a summary of the statutory authority and past major 
studies completed by the EPA that led to the Agency’s regulatory finding on the HAP emissions 
from electric utility power plants. Background on major research programs investigating Hg 
emissions from coal combustion is presented. This chapter concludes with a description of 
topics presented in Chapters 2 through 10 of this report. 

1.3 NESHAP Statutory Background 

Title III of the CAA regulates stationary sources that emit HAPs. Section 112 in Title III 
was comprehensively amended in 1990. Under the amended CAA Section 112(b), Congress 
listed specific chemicals, compounds, and groups of chemicals as HAPs. Mercury is one of the 
chemicals included on this HAP list. The EPA is directed by Section 112 to regulate the HAP 
emissions from stationary sources by establishing “national emission standards for hazardous air 
pollutants@ or ANESHAP.@  The EPA develops and promulgates individual NESHAPs for specific 
categories of stationary sources. The NESHAP for a given source category is codified under its 
own subpart in the Code of Federal Regulations under part 63 to title 40. 
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Section 112 of the CAA established specific directives as to how the EPA must develop 
NESHAPs. The statute requires that each NESHAP must require the maximum degree of HAP 
emission reduction that is achievable, taking into consideration the cost of achieving such an 
emission reduction and any non-air quality health and environmental impacts and energy 
requirements. The control technology that achieves this level of HAP emission control is called 
Amaximum achievable control technology@ or AMACT.@ 

The 1990 CAA Amendments include several provisions in Section 112 that specifically 
address the regulation of HAP emissions from electric utility steam generating units. First, CAA 
Section 112(a) defines the term Aelectric utility steam generating unit@ to mean 

A. . . any fossil fuel fired combustion unit of more than 25 megawatts that serves a 
generator that produces electricity for sale. A unit that cogenerates steam and 
electricity and supplies more than one-third of its potential electric output capacity 
and more than 25 megawatts electrical output to any utility power distribution 
system for sale shall be considered an electric utility steam generating unit.@ 

Section 112(n)(1)(A) directs the EPA to perform a study and report to Congress about the 
hazards to public heath reasonably anticipated to occur as result of exposure to HAP emissions 
from electric utility steam generating units. After considering the result of this study, the EPA 
must determine whether regulation of electric utility steam generating units under Section 112 is 
appropriate and necessary. In July 1995, the EPA submitted its draft version of the report for 
peer review and, concurrently, released that version of the report for public review and comment. 
The EPA completed the final report and submitted to it Congress in February 1998.3 

A related directive in Section 112(n)(1)(B) requires the EPA to perform a second study 
and report to Congress about Hg emissions from electric utility steam generating units, municipal 
waste combustion units, and other sources including area sources. This section directs the EPA=s 
study to consider the rate and mass of the Hg emissions from these sources, the health and 
environmental effects of such emissions, the technologies that are available to control such 
emissions, and the cost of these technologies. The EPA completed this study and submitted its 
final report to Congress in December 1997.4 

The 1990 CAA amendments to Section 112 also direct the EPA to perform additional 
studies that include analyses of Hg emissions from electric utility steam generating units. 
Included among these studies is the requirement under CAA Section 112(m) for the EPA to study 
the atmospheric deposition of HAPs to the Great Lakes, Chesapeake Bay, Lake Champlain, and 
coastal waters. This group of surface water bodies collectively is referred to as the AGreat 
Waters.@  Section 112(m) directs the EPA to investigate the contribution of atmospheric 
deposition to pollutant loadings in the Great Waters; environmental and public health effects of 
atmospheric pollution deposited to these waters; and the sources of the pollutants deposited to 
these waters. Three reports to Congress on the atmospheric deposition of pollutants to the Great 
Waters have been prepared to date (May 1994, June 1997, and June 2000).5,6,7 
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In addition to requiring the EPA to prepare the above cited reports, Congress directed the 
EPA to fund an independent evaluation conducted by the NAS of the available data related to the 
health impacts of MeHg and provide recommendations for the reference dose (RfD) to be used 
for health impact analyses. The RfD is the amount of a chemical which, when ingested daily 
over a lifetime, is anticipated to be without adverse health effects to humans, including sensitive 
subpopulations. The NAS conducted an 18-month study of the available data on the health 
effects of MeHg and published a report of its findings in 2000.1  On the basis of its evaluation, 
the NAS committee’s consensus is that the value of EPA’s current RfD for MeHg is a 
scientifically appropriate level for the protection of public health. 

1.4 Major Findings of EPA Reports to Congress 

1.4.1 Study of HAP Emissions from Electric Utility Steam Generating Units 

The findings of the EPA=s study of the hazards to public heath reasonably anticipated to 
occur as result of exposure to HAP emissions from electric utility steam generating units are 
presented in the two-volume report titled Study of Hazardous Air Pollutant Emissions from 
Electric Utility Steam Generating Units--Final Report to Congress.3 The assessment for Hg in 
the report includes a description of Hg emissions, deposition estimates, control technologies, and 
a dispersion and fate modeling assessment that includes predicted levels of Hg in various media 
(including soil, water, and freshwater fish) based on modeling from four representative utility 
plants using hypothetical scenarios. The EPA did not evaluate human or wildlife exposures to 
Hg emissions from utilities in that report. With regard to non-inhalation exposures (e.g., 
ingestion) to other HAPs, the report presents a limited qualitative discussion of arsenic, 
cadmium, dioxins, and lead. 

Based on information and analyses available at the time the report was prepared, electric 
utility steam generating units can emit a significant number of the HAPs listed in CAA Section 
112(b). However, except for Hg, electric utility steam generating units are responsible for a very 
small percentage of the total nationwide emissions of these particular HAPs. The EPA 
concluded that Hg emitted from coal-fired steam generating units is the HAP of greatest potential 
concern for electric utility steam generating units. For two other HAPs (arsenic and dioxin), the 
EPA=s analysis concluded that further evaluations and review are needed to better characterize 
the impacts of these HAP emissions from coal-fired steam generating units. 

Nickel emissions are the only HAP emissions of potential concern from oil-fired electric 
utility steam generating units. The EPA acknowledged that there are significant uncertainties 
concerning the chemical forms of nickel emitted from these units and the health effects of those 
various nickel compounds. At the time the study was prepared, the EPA projected that future 
nationwide nickel emissions from oil-fired steam generating units would decrease because of 
anticipated declining use of oil by utilities for electric power generation. 
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The impacts due to HAP emissions from natural-gas-fired steam generating units are 
negligible based on the results of the study. The EPA concluded that no further evaluation is 
needed of HAP emissions from natural-gas-fired electric utility steam generating units. 

The EPA identified uncertainties that make it difficult to quantify the magnitude of the 
risks due to Hg emissions from coal-fired electric utility steam generating units, and identified 
the research areas where more information is needed to gain a better understanding of the risks 
and impacts of these Hg emissions. Included among the research areas that the EPA 
recommended for further evaluation were: 1) collection and assessment of additional data on the 
Hg content of various types of coals; 2) collection and assessment of additional data on Hg 
emissions from coal-fired steam generating units; 3) collection and assessment of additional 
information on control technologies or pollution prevention options; and 4) further review of the 
available data on the health impacts associated with exposure to Hg. Following completion of 
the report, the EPA initiated studies addressing the identified research needs. 

1.4.2 Mercury Study Report 

The findings of the EPA=s assessment of the magnitude of Hg emissions from sources in 
the United States, the health and environmental implication of those emissions, and the 
availability and costs of control technologies are presented in the eight-volume report titled 
Mercury Study Report to Congress.4  The report provides an extensive analysis of the public 
health impacts and environmental impacts resulting from Hg emissions to the atmosphere and 
deposition on surface waters and land. The findings of the report related to Hg emissions from 
electric utility steam generating units and other anthropogenic sources in the United States (as 
discussed in Volume II of the report) are summarized below. 

Mercury cycles in the environment occur as a result of both natural processes and human 
activities (anthropogenic sources). The EPA prepared a nationwide inventory of annual Hg 
emissions from anthropogenic sources in the United States. This inventory was based on the 
period 1994-1995 and estimated the total annual nationwide emissions of Hg to be 144 
megagrams (158 tons). Most of these emissions (approximately 87 percent) are produced when 
waste or fuels containing Hg are burned. Four specific source categories account for 
approximately 80 percent of the total nationwide anthropogenic emissions: coal-fired electric 
utility boilers (33 percent), municipal waste combustors (19 percent), industrial and commercial 
boilers (18 percent), and medical waste incinerators (10 percent). Another 10 percent of the Hg 
emissions were estimated to be from manufacturing sources that use Hg as a processing agent, 
product ingredient, or where Hg is present as a trace constituent in a process raw material. The 
largest manufacturing sources are chloro-alkali plants and Portland cement manufacturing plants. 
The remaining 3 percent of the emissions were estimated to be released from area and 
miscellaneous sources. 

In the report, the EPA also assessed future trends in Hg emissions. Emissions from two of 
the significant combustion sources identified in the 1994-95 nationwide inventory are predicted 
to decline significantly when the national emission standards for municipal waste combustors 
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(MWCs) and medical waste incinerators are fully implemented. Industrial use of Hg was found 
to be declining in those manufacturing sectors where acceptable substitute materials can be used 
(e.g., use of electronic thermometers in place of Hg thermometers, elimination of Hg additives in 
paints and pesticides, reduced use of Hg in batteries). 

1.4.3 Great Waters Reports 

The findings of the EPA=s study of the atmospheric HAP deposition to the Great Waters 
are presented in a series of three reports to Congress; the first report dated May 1994, the second 
report dated June 1997, and the third report dated June 2000. The HAPs of concern emitted from 
electric utilities addressed by the Great Waters study include lead, cadmium, dioxins, and, in 
particular, Hg. 

The first Great Waters report to Congress noted that the water bodies are polluted by 
HAPs that originate from both local and distant sources; however, more data are needed to 
identify the specific sources of the pollutants. The report recommendations were the following: 
1) the EPA should strive to reduce emissions of the pollutants of concern through 
implementation of the CAA; 2) a comprehensive approach should be taken, both within the EPA 
and with other agencies, to reduce and preferably prevent pollution in air, water, and soil; and 3) 
the EPA should continue to support research for emissions inventories, risk assessment, and 
regulatory benefits assessment. 

The second Great Waters report to Congress confirmed, and provided additional support 
for, the findings of the first report that persistent and bioaccumulative toxic pollutants and 
excessive nitrogen can adversely affect the environmental conditions of the Great Waters. 
Electric utilities and mobile sources are identified by the report based on air modeling studies and 
emissions data as major contributors of nitrogen oxides to the Chesapeake Bay and its watershed. 

The most recent Great Waters report to Congress presents updated scientific and 
programmatic information to support and build upon the broad conclusions presented in the first 
two reports. Specific to Hg, fate and transport modeling and exposure assessments presented in 
the report predict that the anthropogenic contribution of the total amount of MeHg in fish is, in 
part, the result of Hg releases from combustion and industrial sources. Furthermore, 
consumption of fish is the dominant pathway of exposure to MeHg for fish-consuming humans 
and wildlife. 

1.5 Information Collection Request to Electric Utility Industry 

The EPA=s 1998 report to Congress on HAP emissions from electric utility steam 
generating units identified additional information needed to gain a better understanding of the 
risks, impacts, and control of Hg emissions from coal-fired steam generating units. As part of the 
Agency=s effort to gather this information, the EPA conducted an information collection project 
beginning in late 1998 to survey all coal-fired steam generating units meeting the CAA Section 
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112(a) definition that were operating in the United States.8 This information collection provided 
the EPA with data on the Hg content and amount of coal burned by these units during the 1999 
calendar year. As part of the information request, the EPA also selected a subset of the coal-fired 
electric utility steam generating units at which field-source testing was performed to obtain Hg 
emission data for the air pollutant control devices now being used for these units. 

There were three parts to the EPA information collection effort. Part I of this effort 
consisted of gathering the information to first identify the location of each coal-fired steam 
generating unit meeting the CAA Section 112(a) definition that was operating in the United 
States. The EPA sent information collection requests (ICRs) to the owners and operators of 
approximately 1,100 facilities that potentially could be operating coal-fired steam generating 
units. Information requested in the Part I questionnaire sent to each of these facilities included 
the type of coal burned, the method of firing the coal, and the methods used for control of air 
pollutants. Based on the ICR responses, 1,143 coal-fired steam generating units that meet the 
CAA Section 112(a) definition were identified at 461 facilities. These coal-fired steam 
generating units were located across the entire nation in 47 of the 50 states, with the exceptions 
being Idaho, Rhode Island, and Vermont. 

Part II of the information collection effort, during calendar year 1999, consisted of 
gathering information on the quantities, Hg content, and other selected properties of coal burned 
by each of the 1,143 coal-fired steam generating units. The owner or operator of each coal-fired 
steam generating unit provided to the EPA, on a quarterly basis, analysis results for samples of 
the coal fired in the steam generating unit.  These analyses were performed according to a 
demonstrably acceptable protocol and reported the Hg content of the coal burned and other 
important coal properties (e.g., coal heating value and the sulfur, ash, moisture, and chlorine 
contents). Each owner or operator also reported data on the total amount of coal burned on a 
monthly basis during 1999. 

Part III of the information collection effort consisted of conducting Hg emission source 
testing at selected electric utility power plants operating coal-fired steam generating units. The 
test locations were selected by the EPA to approximate the nationwide distribution of coal-fired 
steam generating units by type of boiler, coal burned, and air emission controls used. The testing 
at each location was performed by the facility owner or operator (or a source testing contractor 
hired by the facility). At each of the selected test locations, measurements were made of the Hg 
content in the inlet and outlet gas stream for the farthest downstream control device used on the 
unit. The testing followed an EPA-approved sampling protocol and included three sample runs 
at each sampling location. Samples of the coal burned during the source test were also collected. 
Each test was completed and a final test report was provided to the EPA. The EPA review of the 
test reports ultimately found acceptable test results for 80 coal-fired steam generating units. 

All of the nationwide industry survey data (information collected for Part I of the survey), 
coal analysis data (information collected for Part II of the survey), and Hg emission testing (data 
collected for Part III of the survey) are available to the public on the EPA web site, 
<http://www.epa.gov/ttn/atw/combust/utiltox/utoxpg.html>. Selected information from the ICR 
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data base are also summarized in chapters of this report as related to characterizing the coal 
properties, control configurations, and Hg emissions from existing coal-fired electric utility 
steam generating units. In this report, the term “EPA ICR data” is used to refer to the 
compilation of coal-fired electric utility power plant, coal property, and Hg emissions data 
gathered by this nationwide information collection project. 

1.6 Regulatory Finding on HAP Emissions from Electric Utility Steam Generating Units 

On December 20, 2000, the EPA published in the Federal Register a notice (65 FR 79825) 
presenting the EPA Administrator’s finding as to whether regulation of emissions of HAP from 
fossil-fuel-fired electric utility steam generating units is appropriate and necessary. This finding 
is based on the results of EPA’s reports to Congress, the EPA’s analysis of the ICR responses, 
and other information the Agency subsequently collected concerning HAP emissions from 
electric utility steam generating units. 

Based on the available information, the Administrator concluded that Hg is both a public 
health concern and a concern in the environment.  The EPA’s analysis shows that coal-fired 
electric utility steam generating units are the largest source of Hg emissions to the atmosphere in 
the United States. Further, the Administrator concluded that there is a plausible link between 
MeHg concentrations in fish and Hg emissions from these coal-fired steam generating units. 
Therefore, the Administrator found that it is appropriate and necessary to regulate HAP 
emissions, including Hg, from coal-fired electric utility steam generating units under CAA 
Section 112 (i.e., establish a NESHAP), because the implementation of other requirements under 
the CAA will not adequately address the serious public health and environmental hazards arising 
from these emissions. As a result, the EPA added coal-fired electric utility steam generating 
units to the list of source categories under CAA Section 112(c). 

In its 1998 report to Congress, the EPA found that nickel emissions are the only HAP of 
potential concern from oil-fired electric utility steam generating units. The Administrator found 
that there remained uncertainties regarding the extent of the public health impact from nickel 
emissions from oil-fired electric utility steam generating units. Therefore, the EPA also added 
oil-fired electric utility steam generating units to the CAA Section 112(c) source category list. 

The Administrator found that regulation of HAP emissions from natural-gas-fired electric 
utility steam generating units is not appropriate or necessary. Because the EPA believes that the 
CAA Section 112(a)(8) definition of electric utility steam generating units excludes stationary 
combustion turbines, the Administrator’s finding for natural-gas-fired electric utility steam 
generating units does not apply to stationary combustion turbines. 

In response to the regulatory finding, the EPA has begun development of a NESHAP to 
specifically control HAP emissions from coal-fired electric utility steam generating units. The 
current schedule for this rule is to propose a NESHAP for the source category by December 15, 
2003, and take final action on the rule by December 15, 2004. 
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1.7 Mercury Emissions Research Programs 

Mercury emissions from combustion sources including coal-fired electric utility power 
plants have been the subject of extensive research and study throughout the 1990s by government 
agencies, the electric utility industry, and university researchers. Researchers at the U.S. 
Department of Energy’s (DOE) National Energy Technology Laboratory (NETL) (previously 
known as the Federal Energy Technology Center) have prepared a comprehensive literature 
search and review summarizing the data and findings of many of these studies published in 
1999.9 

Currently, the EPA, the DOE/NETL, and the Electric Power Research Institute (EPRI) are 
funding major on-going research work on Hg emissions from coal combustion. Each 
organization conducts these projects “in-house” as well as through contracts with university 
researchers and private companies. In addition, the EPA, the DOE/NETL, and EPRI are 
collaborating on a number of joint projects. The on-going projects range from fundamental 
studies based on bench-scale laboratory experiments and computer modeling to field test 
programs at coal-fired electric utility power plants. Table 1-1 presents a summary overview of 
the research topics being investigated. Major objectives of these research efforts include: 

$ Improving the test methods for measuring Hg emissions from coal-fired electric 
utility boilers and other coal combustion systems. The current focus of this effort is 
development of continuous emission monitors (CEMs) to measure Hg. 

$ Understanding the chemical, physical, and operating factors that affect Hg behavior in 
combustion gases and residues from burning coal. 

$ Developing cost-effective techniques for controlling Hg that can be readily retrofitted 
to existing coal-fired electric utility power plants. 

$ Developing Hg control technologies for application to new coal-fired electric utility 
power plants. 

$ Developing multipollutant control technologies that will control Hg emissions 
together with SO2 or NOx emissions. 

1.8 Relationship to Mercury Emission Control Research for Municipal Waste Combustors 

The EPA has identified MWCs as the second largest source category of Hg emissions in 
the United States after coal-fired electric utility steam generating units.4  The control of Hg 
emissions from MWCs has been, and continues to be, the subject of research in both the United 
States and Europe. 
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Table 1-1. Current research areas related to controlling Hg emissions from coal-fired electric utility 
power plants. 
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Major Research Sponsor 
Research Area 

DOE EPA EPRI USGS 

Hg content of coals 4 

Coal cleaning methods for Hg removal 4444 444 444 

Hg behavior and speciation in coal combustion gases 4444 444 444 

Hg measurement and monitoring in coal combustion gases 4444 444 444 

Hg adsorption on fly ash in coal combustion gases 4444 444 

Improving Hg capture by conventional wet scrubber systems 4444 444 444 

Improving Hg capture by conventional particulate control devices 4444 

Hg capture using activated carbon sorbent injection 4444 4444 4444 

Hg capture using other Hg-specific sorbents 4444 

Hg capture using multipollutant sorbents 4444 

Hg behavior in solid residues from Hg control systems 4444 444 444 

Hg control costs and economics 4444 444 444 

4 

4 4

4 4

4 4

4

4 4

4 4

4 4



An MWC is an enclosed combustion unit used to burn municipal solid waste for the 
purpose of reducing the volume of waste that must be disposed in a landfill. Many people also 
refer to these combustion units as waste incinerators. Although an MWC may function as a 
simple incinerator, more commonly these combustion units are equipped with heat recovery 
equipment that is used for producing steam. The steam is used in a variety of different ways 
depending on the facility location including generating electrical power, industrial process steam, 
or district heating systems. Other terms sometimes used to refer to this type of MWC facility 
include Aresource recovery facility@ and Awaste-to-energy plant.@ 

The EPA and some states have established regulations to reduce the level of Hg emissions 
from MWC facilities operating in the United States. To comply with these regulations, a 
combination of control strategies, including the application of add-on control devices, are now in 
use for new and existing MWC facilities. Direct transfer to coal-fired electric utility steam 
generating units of all of the specific control strategies that are used to meet the Hg emission 
regulations for MWC facilities is not feasible, effective, or practical because of the distinct 
differences between the two categories of combustion sources (e.g., properties of the fuel burned; 
the design, operation, and scale of the combustion unit; and the characteristics of the post-
combustion gases). Nevertheless, understanding how Hg emissions are controlled in an MWC 
does provide useful information to help identify potential Hg control technologies for coal-fired 
electric utility steam generating units and to assess the performance and costs of using these 
controls. 

In the United States, the municipal solid waste that can be burned in MWCs is primarily 
composed of household, commercial, and institutional refuse. These wastes cannot include any 
hazardous wastes regulated under subtitle C of the Resource Conservation and Recovery Act 
(RCRA). However, small amounts of Hg may be in certain discarded consumer products that are 
not RCRA hazardous wastes and are burned in MWCs (e.g., batteries, some fluorescent bulbs, 
electrical switches, thermometers). Most of this Hg is released during the combustion process 
and remains in combustion gases vented from the MWCs. 

Mercury emissions from MWC facilities in the United States are decreasing for three 
major reasons. First, Section 129 of the CAA requires the EPA to develop national emission 
standards for Hg (and a number of other pollutants) being emitted from MWC facilities. The 
EPA finalized the standards as new source performance standards (NSPS) and Emission 
Guidelines (EG) under 40 CFR part 60 in October 1995. The NSPS (subpart Eb) applies to those 
MWCs constructed after September 20, 1994 (i.e., Anew sources@); the EG (subpart Cb) applies 
to those MWCs built before this date (i.e., Aexisting sources@). For Hg, the same emission limit 
of 0.08 milligram per dry standard cubic meter (mg/dscm) applies to both new and existing 
MWC facilities. 

In addition to the Federal standards and emission guidelines, individual states with 
significant numbers of MWC facilities operating within their jurisdiction have enacted legislation 
controlling Hg emissions from these MWC facilities. Several states (e.g., Florida and New 
Jersey) have established Hg emission limits for MWCs, effectively requiring these units to use a 
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specific control technology.  Some states have enacted regulations limiting or banning the sale of 
certain Hg-containing products that, when discarded, would have been mixed in refuse burned in 
an MWC. These regulations differ from state to state, with Minnesota having the most extensive 
set of restrictions on the disposal of Hg-containing products. 

The third reason for the decline in Hg emissions from MWC facilities is the trend by 
manufacturers to limit or discontinue the use of Hg in many products that ultimately are mixed in 
the waste burned in MWCs. These products include household alkaline batteries and interior and 
exterior paints. Other products that traditionally have used Hg (e.g., Hg thermometers and 
thermostats) are increasingly being replaced by digital, electronic versions that do not require Hg 
components. 

Despite the reductions in the Hg content of the waste burned, MWCs still need to use 
add-on emission controls to capture Hg in the combustion gases exhausted from the combustor. 
Mercury removal from the combustion gases using these control systems can vary depending on 
the combination of controls used and the site-specific conditions. The injection of powdered 
activated carbon into the gas upstream of a particulate matter control device is a common method 
currently used in the United States to control Hg emissions from MWCs. In Europe, wet 
scrubbing systems are commonly used to control MWC Hg emissions. Because of factors such 
as the differences in flue gas characteristics and duct configurations (discussed further in 
Chapter 7), the Hg control technologies now used for MWCs cannot be directly transferred to 
coal-fired utility boilers. However, the commercial experience with MWC Hg emission controls 
does point to potential control technologies that should be investigated further for application to 
coal-fired electric utility power plants. 

1.9 Report Organization 

The remainder of this report consists of nine chapters (Chapters 2 through 10) presenting 
background information, recent research findings, and the current status of research studies 
related to Hg emission behavior and control in coal-fired electric utility power plants. Each 
chapter addresses specific topics related to the application of Hg emission control technologies to 
coal-fired steam generating units. Appendices are presented at the end of the report to support 
and supplement information presented in the chapters. 

Chapter 2 
Coal-fired Electric Utility Boilers 

Chapter 2 presents an overview of the coals burned and combustion technologies 
used for electric power generation. The design and operating characteristics of the 
different types of coal-fired boilers used by electric utilities in the United States 
are presented. The properties of the coal burned by electric utilities in the year 
1999 are summarized using information compiled from the EPA ICR database. 
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Chapter 3

Criteria Air Pollutant Emission Controls for


Coal-fired Electric Utility Boilers


Chapter 3 presents a summary review of the different air pollution control devices 
(APCDs) currently used at coal-fired electric utility power plants to meet criteria 
air pollutant emissions standards. The nationwide distribution of APCD 
configurations used at these power plants to comply with the air standards is 
presented using information from the EPA ICR database. 

Chapter 4

Measurement of Mercury


Chapter 4 discusses the principles, applications, and limitations of Hg 
measurement methodologies, particularly with respect to understanding and 
interpreting the ICR data. The chapter discusses the Ontario-Hydro method and 
other manual test methods available for measuring Hg in coal combustion flue 
gas. This chapter introduces the principles and issues related to Hg continuous 
emission monitors (CEMs) and their use as a valuable research tool. 

Chapter 5

Mercury Speciation and Capture


Chapter 5 provides an introduction to Hg chemistry and behavior of Hg as it 
leaves the combustion zone of the furnace and passes in the flue gas through the 
downstream boiler sections, air heater, and air pollution control devices. Recent 
laboratory research on Hg chemistry in coal combustion flue gas is summarized. 
Mercury speciation is discussed as related to coal properties, combustion 
conditions, flue gas composition, fly ash properties, time/temperature profile 
between the boiler and air pollution control devices, and post-combustion flue gas 
cleaning methods. Results from recent studies on the mechanisms for capturing 
Hg by adsorption of gaseous Hg, by solid particles in the flue gas, and by 
absorption capture of Hg by alkaline solutes/slurries are analyzed. 

Chapter 6

Mercury Capture by Existing Control Systems Used by


Coal-fired Electric Utility boilers


Chapter 6 discusses the level of Hg capture achieved by the air emission control 
devices now in use at coal-fired electric utility power plants to meet Federal and 
state air emission standards for particulate matter, sulfur oxides, and nitrogen 
oxides. The results of the Hg emission source testing compiled in the Part III 
EPA ICR data are presented and analyzed. The methods used to evaluate these 
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Hg emissions data are described to meet two interrelated objectives. First, an 
analysis of the EPA ICR data is presented as used for EPA’s estimate of 
nationwide Hg emissions from coal-fired electric utility power plants in 1999. 
Second, the EPA ICR data are analyzed to characterize the effects of coal 
properties, combustion conditions, and flue gas cleaning methods on the 
speciation and capture of Hg. 

Chapter 7

Research and Development Status of


Potential Retrofit Mercury Control Technologies


Chapter 7 discusses potential retrofit control technologies for increasing Hg 
emission capture levels in the air pollutant control systems now in use at existing 
coal-fired electric utility power plants. The use of activated carbon and other dry 
sorbents for Hg emission control is discussed. Current knowledge is summarized 
regarding the enhancement of Hg capture by existing particulate matter control 
devices and wet scrubbing systems. Recent pilot-scale and full-scale test data for 
Hg capture by potential retrofit control technologies are presented. This chapter 
also summarizes the status of emerging Hg and multipollutant control 
technologies that are being developed for the control of Hg emissions from coal 
combustion. 

Chapter 8

Cost Evaluation of Retrofit Mercury Controls for


Coal-fired Electric Utility Boilers


Chapter 8 presents a preliminary evaluation of total annual costs to apply potential 
activated carbon injection-based control technologies to existing coal-fired 
electric utility power plants. The evaluation is based on estimating the control 
costs using a computer model for a series of model plant scenarios. The cost 
estimate methodology and assumptions are described. The cost estimates are 
presented and discussed. 

Chapter 9 
Coal Combustion Residues and Mercury Control 

The EPA/NRMRL presently is conducting a life-cycle analysis project to help 
evaluate any potential environmental trade-offs and to ensure that there is not an 
increased environmental risk from the management of coal combustion residues 
(CCRs) resulting from the implementation of Hg control technologies at coal-fired 
electric utility power plants. In support of this evaluation, the NRMRL is 
gathering data and information to assess future increases in Hg concentrations in 

1-14




CCRs resulting from application of Hg emissions control requirements to coal-
fired electric utility boilers. Chapter 9 summarizes some of the CCR information 
gathered by NRMRL to date and identifies the major data gaps and priorities of 
EPA’s research to ensure that Hg controlled at the coal-fired electric utility power 
plant stack is not later released from CCRs in an amount that is problematic for 
the environment. 

Chapter 10

Conclusions and Recommendations


Chapter 10 summarizes the major findings of this report and presents 
recommendations for further work, which would benefit the understanding of Hg 
behavior in the coal combustion processes at electric utility power plants. 
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Chapter 2

Coal-fired Electric Utility Boilers


2.1 Introduction 

The steam produced in a boiler can be used to drive a steam turbine that, in turn, spins an 
electric generator. In a conventional steam boiler used for electrical power generation, water is 
heated under pressure to form high-temperature, high-pressure steam. The heat required to 
produce steam can be supplied by burning a fossil fuel inside an enclosed space in the boiler. 
Electricity generation in the Unities States relies extensively on burning coal in steam boilers. 

This chapter presents an overview of the use of coal by electric utilities for power 
generation. An introduction to the properties of coal and coal resources in the United States is 
presented. The major components and general operation of a conventional coal-fired electric 
utility boiler are described. A profile of the different coal-firing configurations used by electric 
utility power plants in the United States is presented based on analysis of the Part II EPA ICR 
data. Ash produced by coal combustion is described. The chapter concludes with a summary of 
the Part II EPA ICR data for the mercury content of the coals burned by electric utility power 
plants in 1999. Air pollutant emissions and the control strategies currently used for these 
coal-fired electric utility power plants are discussed in Chapter 3. 

2.2 Coal 

Coal is a combustible “rock” composed of organic and mineral materials that have 
formed over time by vegetative decay and mineral deposition. The principal chemical 
constituents of coal are carbon, hydrogen, oxygen, nitrogen, and sulfur. Coal also contains 
incombustible mineral matter and trace amounts of metallic elements, oxides, and rare gases. The 
properties of a given coal deposit vary depending on a variety of site-specific factors including 
the type of vegetative matter from which the coal formed, the age of the deposit, and the 
conditions under which the coal formed. 

2.2.1 Coal Property Tests 

Standardized tests for determining the properties of coal have been adopted by the 
American Society for Testing and Materials (ASTM).1 These ASTM methods are widely used in 
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the United States by coal producers, electric utility companies, and government agencies to 
obtain coal property data for many purposes including classifying coal resources, designing coal 
combustion equipment, pricing coal, and monitoring coal shipment quality. Standardized 
procedures for collecting coal samples for analysis also have been established by ASTM 
methods. 

2.2.1.1 Coal Heating Value 

One of the key properties of coal is the quantity of heat that can be released when the coal 
is burned. The heating value of coal is determined using one of several ASTM test methods 
(e.g., ASTM D2015 or D3286). These tests involve burning a coal sample in a bomb calorimeter 
and measuring the temperature rise following the procedure specified in the method. As used in 
the United States, heating value is most commonly expressed in units of British thermal units per 
pound of coal (Btu/lb). Heating value can also be expressed in units of joules per kilogram, 
kilojoules or kilocalories per kilogram, or calories per gram. Also, heating value may be reported 
as higher heating value (HHV) or lower heating value (LHV). The HHV is the value measured 
by the actual test. The LHV is calculated by subtracting the heat of water vaporization from the 
value measured in the bomb calorimeter. 

2.2.1.2 Coal Proximate Analysis 

The proximate analysis is a widely used test procedure for determining for a given coal the 
total moisture, volatile matter, fixed carbon, and ash contents expressed on a weight-percent 
basis. The protocol for performing a proximate analysis for coal is established by ASTM D3172 
that specifies the overall procedure to be followed and the other specific ASTM test methods to 
be used. The analysis involves performing a series of tests in a specific order on a given coal 
sample. First, the total moisture of the coal is determined by drying the sample in an oven 
according to ASTM test method 3173. The difference in weight before and after drying is the 
amount of moisture in the coal. 

Volatile matter is not naturally present in coal. However, combustible gases (e.g., 
hydrogen, methane, and other hydrocarbons) are formed by thermal decomposition when the coal 
sample is heated under controlled temperature and time conditions. The conditions are specified 
in ASTM test method 3175. The difference in weight before and after heating the coal sample 
for a second time in a furnace is the amount of volatile matter contained in the coal. The coal 
sample is then completely burned under conditions specified in ASTM test method 3174. The 
weight of the noncombustible matter remaining after combustion is the ash content in the coal. 
The percentage of fixed carbon is obtained by subtracting from 100 percent the sum of the 
percentages of total moisture, volatile matter, and ash. 

2.2.1.3 Coal Ultimate Analysis 

The second analysis procedure commonly performed is the ultimate analysis. This 
analysis determines the composition of the coal based on elemental constituents. The protocol 
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for performing a coal ultimate analysis is established by ASTM D3176 which specifies the 
overall procedure to be followed and the specific ASTM test methods to be used. As defined in 
ASTM D3176, the elements determined are total carbon, total hydrogen, total sulfur, total 
nitrogen, and total oxygen. Determination of ash is included in the analysis. The quantity of 
chlorine present in the coal is also commonly included as part of the ultimate analysis. However, 
the contents of mercury and other trace constituents in the coal are not included in the results 
from a coal ultimate analysis. 

2.2.1.4 Coal Mercury Analysis 

A separate analysis must be conducted to determine the Hg content of coal. Several 
ASTM test methods are available for measuring the total Hg concentration in a coal sample. 
Two methods are established by ASTM D6414 “Standard Test Method for Total Mercury in Coal 
and Coal Combustion Residues by Acid Extraction or Wet Oxidation/Cold Vapor Atomic 
Absorption.” The lower quantitative limits for these methods are, respectively, 0.02 ppm and 
0.03 ppm. A third, commonly used method is ASTM D3684 “Standard Test Method for Total 
Mercury in Coal by the Oxygen Bomb Combustion/Atomic Absorption Method” with a lower 
quantitative limit of 0.06 ppm. An interlaboratory study conducted by EPRI evaluated the use of 
these three analytical methods to measure coal Hg content for submitting data to the EPA ICR.2 

The study indicated that all three methods had certain limitations, especially when used to 
analyze very low Hg content coals and coal ashes. However, the study concluded that the 
uncertainty in these methods should not have a significant impact on the use of the data collected 
by the EPA ICR for nationwide Hg emission estimates. 

2.2.2 Coal Classification 

Over the years, a number of coal classification systems have been developed by the United 
States Geological Survey (USGS) and others. These coal classification systems allow 
assessments of coal resources and provide data for designing coal combustion equipment.3 In the 
United States, coals are classified using a hierarchy ranking coals relative to other coals based on 
the degree of metamorphism (effectively, the geological age of the coal and the conditions under 
which the coal formed). These classification criteria have been standardized by ASTM method 
D-388. Under the ASTM method, coals are divided into four major categories called “ranks.” 
Each rank is further subdivided into groups. The basic ranking criteria are coal heating value, 
volatile matter content, fixed carbon content, and agglomerating behavior. The coal ranks are 
summarized below. 

Anthracite coal. The highest rank class of coal that is defined to be a nonagglomerating 
coal having more than 86 percent fixed carbon and less than 14 percent volatile matter on 
a dry, mineral-matter-free basis. This coal rank is subdivided into three groups based on 
decreasing fixed carbon and increasing volatile matter content: meta-anthracite, 
anthracite, and semianthracite. 
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Bituminous coal. The second highest rank of coal defined to be high in carbonaceous

matter, having less than 86 percent fixed carbon, and a 14 percent volatile matter on a

dry, mineral-matter-free basis, and a heating value of more than 10,500 Btu/lb on a moist,

mineral-matter-free basis. This coal can be either agglomerating or nonagglomerating.

The rank is subdivided into five bituminous coal groups on the basis of decreasing heat

content and fixed carbon and increasing volatile matter: low-volatile bituminous coal,

medium-volatile bituminous coal, and high-volatile bituminous coals A, B, and C.


Subbituminous coal. The third-highest rank of coal defined to be nonagglomerating coals

having a heating value of more than 8,300 Btu/lb but less than 11,500 Btu/lb on a moist,

mineral-matter-free basis. This rank of coal is subdivided on the basis of decreasing heat

value into three groups: subbituminous A coal (10,500 to 11,500 Btu/lb),

subbituminous B coal (9,500 to 10,500 Btu/lb), and subbituminous C coal (8,300 to 9,500

Btu/lb). Note that the heating value range for the upper-end subbituminous A coals

overlaps with the heating value range for the lower-end high-volatile bituminous C coals.


Lignite. The lowest rank of coal defined to consist of brownish-black coal having heating

values less than 8,300 Btu/lb on a moist, mineral-matter-free basis. This rank of coal is

subdivided into two groups: lignite A (6,300 to 8,300 Btu/lb) and lignite B (less than

6,300 Btu/lb).


2.2.3 United States Coal Resources 

Coal is the most abundant fossil fuel in the United States. The DOE Energy Information 
Administration (EIA), the Federal government agency responsible for estimating coal resources 
in the United States, estimates that the demonstrated reserve base of coal in the United States is 
approximately 508 billion tons.4 The distribution of this coal by major coal rank is presented in 
Table 2-1. Over half of the coal reserve base is classified as bituminous coal. Another third of 
the reserves are classified as subbituminous coal. 

Not all of the coal identified in the demonstrated reserve base can be extracted from the 
ground for a variety of reasons. Of the estimated 508 billion tons of demonstrated coal reserves, 
the DOE EIA estimates that approximately 275 billion tons of coal can be recovered by standard 
mining technologies, assuming that a market and an adequate selling price exist for this coal. 

In the United States, coal deposits have been found in 36 states. Figure 2-1 shows the 
distribution of coal resources in the United States by coal region as designated by the USGS. 
Coal resources in the Eastern United States are concentrated primarily along the Appalachian 
Mountains and are estimated by the DOE EIA to contain 108 billion tons. The major deposits of 
bituminous coals are concentrated in the Central Appalachian region comprised of eastern 
Kentucky, western Virginia, and southern West Virginia. Most of the anthracite coal resources 
in the United States are located in eastern Pennsylvania (Pennsylvania Anthracite and Northern 
Appalachian regions). 
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Table 2-1. Demonstrated reserve base of major coal ranks in the United States 
estimated by DOE/EIA (source: Reference 4). 

Coal Rank 

Estimated 
U.S. Demonstrated 

Coal Reserves 
(billion tons) 

Percentage of 
U.S Demonstrated 

Coal Reserves 

Anthracite 8 % 

Bituminous 271 53 % 

Subbituminous 185 36 % 

Lignite 44 9 % 

Total 508 100 % 

2 
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Figure 2-1. Distribution of coal deposits in the continental United States by USGS coal resource 
region (source: Reference 5). 



The coal regions in the Central United States (Eastern Interior, Western Interior, Texas, 
and Mississippi regions) are estimated by the DOE EIA to contain 160 billion tons of coal. Most 
of the coal deposits in these regions are bituminous coal (largest deposits in the Eastern Interior 
region). A band of lignite deposits occur along the Gulf Coast (Texas and Mississippi regions) 
with the largest deposits in eastern Texas. 

The coal reserves in the Western United States coal regions are estimated by the DOE EIA 
to be 240 billion tons. Subbituminous coal is the most prevalent coal type with the major 
deposits located throughout Montana and Wyoming (Powder River, Bighorn Basin, Wind River, 
and Green River – Hams Fork regions) and in northwestern New Mexico (San Juan River 
region). Large deposits of lignite are found in eastern Montana and North Dakota (Fort Union 
region). Bituminous coal is found mostly in the coal regions in Colorado and Utah (Uinta, Raton 
Mesa, and Southwest Utah regions). 

2.2.4 Mercury Content in Coals 

Mercury is a naturally occurring impurity contained in coal in trace amounts. It can occur 
in coal in several forms. Most of the Hg is believed to be present in combination with sulfide 
minerals, particularly pyrite. The mercury-pyrite association accounts for as much as 65 to 70 
percent of the Hg in some coals. Mercury is also associated with other ash-forming minerals and 
with the organic fraction in coal. On the order of 25 to 35 percent of the Hg in coal is typically 
associated with the organic material. 

Data on the Hg content of “in-the-ground” coals are available in the USGS COALQUAL 
database.6 One study evaluated the Hg content of coals using this database and selecting coal 
types representing major coal producing regions in the United States.7 The data from the study 
are summarized in Table 2-2. The average concentration of Hg in the coal samples ranged from 
0.08 to 0.22 µg/g. These data show that the Hg content of coals is not constant but varies 
depending on the coal deposit. The data also show that Hg content is not a function of coal rank 
(i.e., one coal type does not have inherently lower Hg concentrations than another coal type). 

A comparison of the Hg concentrations in the different coals cannot be directly related to 
the amount of Hg emissions emitted from boilers burning these coals. Other coal properties and 
how the coal is prepared prior to firing in a boiler affect the theoretical potential level of Hg 
emissions that would occur in the absence of applying any Hg emissions controls. In other 
words, one cannot conclude that burning a coal with higher as-mined Hg concentration will 
necessarily result in higher Hg emissions from a coal-fired electric utility boiler. 

Coals with higher heating values require less coal to be burned in a boiler on a mass basis 
to produce a given electricity output. For two coals with the same Hg content but different 
heating values, burning the coal with the higher heating value in a given boiler will result in less 
Hg being emitted in boiler combustion gases per unit of electricity output. On an equal energy 
basis, the Hg content of the bituminous and subbituminous coals listed in Table 2-2 span the 
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Table 2-2. Mercury content of selected as-mined coal samples by coal rank and USGS coal resource 
region (source: table prepared by summarizing and interpreting coal data presented in Reference 7). 

Coal Rank USGS Coal Resource Region 
Hg 

Concentration 
(ppm) 

Heating Value 
(Btu/lb) 

Hg Content By 
Heating Value 

(lb Hg per 1012 Btu) 

Anthracite Pennsylvania Anthracite 0.18 12,440 15.4 

Uinta 0.08 10,800 7.3 

Raton Mesa 0.09 12,320 6.6 

Eastern Interior 0.10 11,400 8.2 

Western Interior 0.18 10,970 16,1 

Bituminous 

Appalachian 0.20 12,790 15.4 

San Juan River 0.08 9,610 7.7 

Hams River 0.09 10,570 4.8 

Green River 0.09 9,580 6.6 

Powder River 0.10 8,090 12.6 

Southwest Utah 0.10 9,290 11.0 

Subbituminous 

Wind River 0.19 9,560 18.7 

Fort Union 0.13 6,360 21.8 
Lignite 

Texas and Mississippi 0.22 6,490 36.4 
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same general range of values. No trend is apparent from these data; both bituminous and 
subbituminous coals are found at the lower and upper ends of the range. For example, a 
bituminous coal from the Raton Mesa region and a subbituminous coal from the Green River 
region each have an average Hg content of 6.6 lb per 1012 Btu. At the other end of the range, a 
bituminous coal from the Western Interior region has an average Hg content of 16.1 lb per 
1012 Btu and a subbituminous coal from the Wind River region has an average Hg content of 
18.7 lb per 1012 Btu. On the other hand, the Hg contents reported for the two lignite coals listed 
in Table 2-2 are significantly higher than any of the bituminous and subbituminous coals (an 
average of 21.8 lb per 1012 Btu for Fort Union lignite and 36.4 lb per 1012 Btu for Gulf Coast 
lignite). 

Another key reason why the Hg content of as-mined coals cannot be related to Hg 
emissions is the as-mined coal frequently is not burned in an electric utility boiler as it comes 
directly from the mine. The as-mined, or raw, coal often is first processed at a coal preparation 
plant to remove non-coal impurities in order to provide the coal purchaser with a uniform coal 
that meets a predetermined, contractual set of specifications. These processes commonly are 
collectively referred to as “coal cleaning.” Depending on the properties of the coal and the type 
of process used, coal cleaning can reduce the Hg content of the coal that is ultimately fired in the 
electric utility boiler. 

2.3 Coal Cleaning 

2.3.1 Coal Cleaning Processes 

Raw coal from a mine contains separate rock, clay, and other minerals. After the coal is 
mined, it may first pass through a series of processes known as coal preparation or coal cleaning 
before it is shipped to an electric utility power plant. The coal is processed for three main 
reasons: 1) to reduce the ash content; 2) to increase the heating value; and 3) to reduce the sulfur 
content to ultimately lower emissions of sulfur dioxide when the coal is burned in the utility 
boiler. The removal of impurities from the coal also helps to reduce power plant maintenance 
costs and to extend the service life of the boiler system. 

Coal cleaning processes currently in use separate the organic fraction of the as-mined coal 
from the mineral materials according to the differences in either the density-based or surface-
based characteristics of the different materials. Physical coal cleaning typically involves a series 
of process steps including: 1) size reduction and screening, 2) gravity separation of coal from 
sulfur-bearing mineral impurities, and 3) dewatering and drying. 

Bituminous coals from mines in the Eastern and Midwestern United States frequently are 
cleaned to meet the electric utility customer’s specifications for heating value, ash content, and 
sulfur. It is estimated that about three-fourths (77 percent) of these coals are cleaned prior to 
shipment to an electric utility power plant.8 The subbituminous and lignite coals from mines in 
the Western United States routinely are not cleaned before shipment to an electric utility power 
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plant, but in special cases these types of coals can be cleaned. For example, some of 
subbituminous coal from mines in the Powder River coal region (a major source of coal for many 
electric utilities) is cleaned for shipment to electric utility customers. 

2.3.2 Mercury Removal by Coal Cleaning 

Conventional coal cleaning methods will also remove a portion of the Hg associated with 
the incombustible mineral materials but not the Hg associated with the organic carbon structure 
of the coal. Any reduction in Hg content of the coal shipped to an electric utility power plant 
obtained from the Hg removed by coal cleaning processes transfers the removed Hg to the coal 
cleaning wastes. Limited data have been gathered on the level of Hg removed by conventional 
coal cleaning methods. 

A review of test data for 26 bituminous coal samples from coal seams in four states 
(Illinois, Pennsylvania, Kentucky, and Alabama) prepared for EPA’s Mercury Study Report to 

8Congress indicates a wide range in the amount of Hg removed by coal cleaning. In some cases, 
analysis of coal samples from the same coal seam also showed considerable variability. Analysis 
of five of the coal samples showed no Hg removal associated with conventional coal cleaning 
while the remaining 21 coal samples had Hg reductions ranging from approximately 3 to 64 
percent. The average Hg reduction for all of the data was approximately 21 percent. 

Other studies have reported higher average Hg reductions for Eastern and Midwestern 
bituminous coals. One study tested 24 samples of cleaned coal.7 These data also showed a wide 
range in Hg reduction rates. The average decrease in Hg reduction on an energy basis was 37 
percent, with values ranging from 12 to 78 percent. On a mass basis, the average Hg reduction 
from coal cleaning was 30 percent. A higher Hg reduction was reported on an energy basis than 
on a mass basis because the coal cleaning raises the heating value per unit mass of the coal, as 
well as removing Hg. A second study of the effects of coal cleaning on Hg content for three 

9Ohio coals reported reductions in Hg content of the coals ranging from 36 to 47 percent. 

The variation in Hg reductions observed from the test data might be a function of the type 
of process used to clean a given coal and the proportion of Hg in the coal that is present in 
combination with pyrite (iron disulfide). Coal-cleaning processes that make separations 
according to the density differential of particles are generally more effective in removing Hg 
associated with pyrite than are surface-based processes. The heavier pyrite is easily removed by 
density-based processes, but not by surface-based processes where the similar surface 
characteristics of pyrite and the organic matter make separation of the two components difficult. 
For coals that have larger portions of Hg associated with pyrite, density-based cleaning processes 
are expected to have higher Hg removals. However, some coals may contain large portions of 
Hg associated with the organic fraction of the coal; Hg removal in these cases would be expected 
to be substantially lower since the organic fraction of coal is not removed during cleaning. 
Additional reductions in Hg can probably be achieved by using more intensive coal cleaning 
methods. Several advanced coal cleaning techniques being investigated to improve Hg removal 
are discussed in Chapter 7. 
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2.4 Coal-fired Electric Utility Boilers 

The large steam boilers used by electric utilities are also referred to as “steam generators,” 
“steam generating units,” or simply “boilers.” As discussed in Chapter 1, CAA Section 112(a) 
defines the term Aelectric utility steam generating unit@ to include those units that cogenerate 
steam and electricity and supply more than one-third of its potential electric output capacity and 
more than 25 megawatts electrical output to any utility power distribution system for sale. For 
simplicity in the remainder of this report, the term “electric utility boiler” is used to mean 
“electric utility steam generating unit” as defined in CAA Section 112(a)(8). 

A total of 1,143 coal-fired units meeting the CAA definition of an "electric utility steam-
generating unit" were reported in the Part II EPA ICR data to be in the United States in 1999.10 

More than one boiler unit is often operated at an electric utility power plant. The 1,143 units 
were located at a total of 461 facilities. These facilities can be categorized in three facility types: 
conventional coal-fired electric utility power plants, coal-fired cogeneration facilities, and 
integrated coal gasification and combined cycle (IGCC) power plants. 

2.4.1 Conventional Coal-fired Electric Utility Power Plants 11,12 

A conventional electric utility power plant burns coal in a boiler unit solely for the 
purpose of generating steam for electrical power production. A total of 1,122 coal-fired electric 
utility boilers were reported in the Part II EPA ICR data to be operating at conventional electric 
utility power plants. Each of these boilers was designed to meet plant load and performance 
specifications by burning coals within a specific range of coal properties (e.g., heating value, ash 
content and characteristics, and sulfur content). While the specific equipment and design of a 
coal-fired electric utility boiler will vary from plant to plant, the same basic process is used to 
generate electricity. Figure 2-2 presents a simplified schematic of the major components of a 
coal-fired electric utility boiler operated at a conventional electric utility power plant. 

Coal typically is delivered to a power plant by railcars, trucks, or barges. At some power 
plants located near the mine supplying the coal, coal is delivered by a slurry pipeline or an 
extended conveyor system. Also, a few power plants burn imported coal that is delivered to the 
facility by ship. The delivered coal is unloaded and stored in outdoor storage piles or covered 
storage structures such as silos or bins. Depending on how the coal is burned in the boiler (e.g., 
in a bed or burned in suspension), the coal is crushed or pulverized before being fed to the boiler. 

A conventional coal-fired electric utility boiler consists of multiple sections, each of which 
serves a specific purpose. The coal is ignited and burned in the section of the boiler called the 
“furnace chamber.” Blowing ambient air into the furnace chamber provides the oxygen required 
for combustion. The carbon and hydrogen comprising the coal are oxidized at the high 
temperatures produced by combustion to form the primary combustion products of carbon 
dioxide (CO2) and water (H2O). Sulfur in the coal is oxidized to form SO2. Molecular nitrogen 
in the combustion air and nitrogen bound in the coal react with oxygen in certain sections of the 
combustion zone in the furnace chamber to form NOx. Small amounts of other gaseous 
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Figure 2-2. Simplified schematic of coal-fired electric utility boiler burning pulverized, low-sulfur coal. 



combustion products form from other impurities in the coal. These hot combustion products are 
vented from the furnace in a gas stream called collectively Aflue gas.@ Additionally, most but not 
all the carbon in the coal is burned in the furnace. Unburned or partially burned solid carbon 
particles are entrained and vented from the furnace in the flue gas. 

The walls of the furnace chamber are lined with vertical tubes containing water. Heat 
transfer from the hot combustion gases in the furnace boils the water in the tubes to produce 
high-temperature, high-pressure steam. This steam flows from the boiler to a steam turbine. In 
the turbine, the thermal energy in the steam is converted to mechanical energy to drive a shaft 
that spins a generator, which produces electricity. After the steam exits the turbine, it is 
condensed and the water is pumped back to the boiler. 

To improve overall energy conversion efficiency, modern coal-fired electric utility boilers 
contain a series of heat recovery sections. These heat recovery sections are located downstream 
of the furnace chamber and are used to extract additional heat from the flue gas. The first heat 
recovery section contains a "superheater," which is used to increase the steam temperature. The 
second heat recovery section contains a "reheater," which reheats the steam exhausted from the 
first stage of the turbine. This steam is then returned for another pass thorough a second stage of 
the turbine. The reheater is followed by an "economizer," which preheats feed water to the boiler 
tubes in the furnace. The final heat recovery section is the "air heater," which preheats ambient 
air used for combustion of the coal. 

A portion of all coals is composed of mineral matter that is noncombustible. This matter 
forms the ash that continuously must be removed from the operating utility boiler. The ash 
collection points and removal systems used for a given boiler unit are dependent on the ash 
properties and content in the coal-fired, the boiler design, and the air pollution control devices 
used. The removal and handling of the coal ash is discussed further in Section 2.6. 

The flue gas exhausted from the boiler passes through air pollution control equipment and 
is vented to the atmosphere through a tall stack. The types and configurations of air pollution 
controls currently used for coal-fired electric utility boilers are discussed in Chapter 3. 

2.4.2 Coal-fired Cogeneration Facilities 

Approximately six percent of the boiler units are at cogeneration facilities, which are 
owned and operated by independent power producers or industrial companies. Of the 1,143 total 
coal-fired electric utility boilers reported in the EPA Part II ICR data, 68 are classified as 
cogeneration units. The total generating capacity of these cogeneration units is 867 MWe. There 
are more coal-fired boilers in the United States operating as cogeneration units; however, these 
units do not meet the criteria specified in the CAA definition of a steam-generating unit (i.e., the 
cogeneration unit is rated below 25 MWe or less than one-third of the unit’s electrical output is 
sold). These units were not surveyed for the EPA ICR database. 
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Operation of a cogeneration facility differs from the operating configuration of the 
conventional electric utility power plant shown in Figure 2-2. Two basic cogeneration unit 
configurations are used: the Atopping@ mode or the Abottoming@ mode. In the topping 
cogeneration configuration, steam produced by the coal-fired electric utility boiler is used first to 
generate electricity and then all or part of the exhaust heat is subsequently used for an industrial 
process. The bottoming cogeneration configuration reverses this sequence using waste heat 
generated by an industrial process to produce steam in a heat recovery boiler for driving a steam 
turbine and generating electricity. All of the cogeneration boiler units listed in the EPA ICR data 
operate using the topping mode configuration. 

2.4.3 Integrated Coal Gasification Combined Cycle Power Plants 

The IGCC power plants represent a new technology and are different from conventional 
electric utility power plants in two major characteristics. First, the IGCC power plants do not 
burn the coal in its solid form. Instead, the coal is first converted to a combustible gas using a 
coal gasification process at the facility site. Second, the IGCC power plants generate electricity 
using two separate thermal cycles and associated turbines referred to as a "combined cycle" 
operation. The coal-derived gas from the gasification process is first burned in a gas turbine that 
drives an electrical generator. The exhaust gases from this gas turbine pass through a heat 
recovery boiler to generate steam to power a steam turbine that drives a second electrical 
generator. Three IGCC power plants have been built in the United States. The operation of these 
power plants is discussed further in Section 2.5.5. 

2.5 Coal-firing Configurations for Electric Utility Boilers 

Coal can be burned in a boiler using one of three basic techniques: burning coal particles 
in suspension, burning large coal chunks in a fuel bed, or in a two-step process in which the coal 
is first converted to a synthetic gas which is then fired in the boiler. Five basic firing 
configurations are used to burn coal for electric power generation: pulverized-coal-fired furnace, 
cyclone furnace, fluidized-bed combustor, stoker-fired furnace, and gasified-coal-fired 
combustor. A general comparison of the different coal-firing configurations used for electric 
utility power plants is presented in Table 2-3. 

Table 2-4 shows the distribution of the 1,143 coal-fired electric utility boilers listed in the 
EPA ICR data by coal-firing configuration. Pulverized-coal-fired designs account for the vast 
majority of the coal-fired electric utility boilers both in terms of total number of units 
(approximately 86 percent) and nationwide generating capacity. Cyclone furnaces are used to 
burn coal in approximately eight percent of the units. Fluidized-bed combustors are used for 
about four percent of the coal-fired electric utility boilers. Stoker-fired furnaces account for 
about three percent of the total number of coal-fired electric utility boilers but provide less than 
one percent of the total coal-fired megawatts. Only three IGCC units have been built in the 
United States. 
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Table 2-3. Characteristics of coal-firing configurations used for electric utility power plants. 

Coal-firing 
Configuration 

Coal Combustion Process Description Distinctive Design/Operating Characteristics 

Wall-fired 

An array of burners fire into the furnace 
horizontally, and can be positioned on 
one wall or opposing walls depending on 
the furnace design. 

Pulverized-coal-
fired furnace 

Coal is ground to a fine powder that is pneumatically 
fed to a burner where it is mixed with combustion air 
and then blown into the furnace. The pulverized-coal 
particles burn in suspension in the furnace. Unburned 
and partially burned coal particles are carried off with 
the flue gas. Tangential-fired 

(Corner-fired) 

Multiple burners are positioned in 
opposite corners of the furnace producing 
a fireball that moves in a cyclonic motion 
and expands to fill the furnace. 

Cyclone 
furnace 

Coal is crushed into small pieces and fed through a 
burner into the cyclone furnace. A portion of the 
combustion air enters the burner tangentially creating a 
whirling motion to the incoming coal. 

Designed to burn low-ash fusion coals and retain most of the ash in 
the form of a molten slag. 

Bubbling fluidized bed 
(BFB) 

Operates at relatively low gas stream 
velocities and with coarse-bed size 
particles. Air in excess of that required to 
fluidize the bed passes through the bed in 
the form of bubbles. 

Fluidized-bed 
combustor 

Coal is crushed to fine particles. The coal particles are 
suspended in a fluidized bed by upward-blowing jets of 
air. The result is a turbulent mixing of combustion air 
with the coal particles. Typically, the coal is mixed with 
an inert material (e.g., sand, silica, alumina) and a 
sorbent such as limestone (for SO2 emission control). 
The unit can be designed for combustion within the bed 
to occur at atmospheric or elevated pressures. 
Operating temperatures for FBC are in the range of 850 
to 900 °C. 

Circulating 
fluidized bed 

(CFB) 

Operates at higher gas stream velocities 
and with finer-bed size particles. No 
defined bed surface. Must use high-
volume, hot cyclone separators to 
recirculate entrained solid particles in flue 
gas to maintain the bed and achieve high 
combustion efficiency. 
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Table 2-3. (continued). 

Coal-firing 
Configuration 

Coal Combustion Process Description Distinctive Design/Operating Characteristics 

Spreader-stoker 

A flipping mechanism throws the coal into 
the furnace above the grate. The fine 
coal particles burn in suspension while 
heavier coal lumps fall to the grate and 
burn in a fuel bed. 

Underfeed 
Coal fed by pushing coal lumps along in a 
feed through underneath the grate. 

Stoker-fired 
furnace 

Coal is crushed into large lumps and burned in a fuel 
bed on a moving, vibrating, or stationary grate. Coal is 
pushed, dropped, or thrown onto the grate by a 
mechanical device called a “stoker.” 

Traveling grate 
Coal is fed by gravity onto a moving grate 
and leveled by a stationary bar at the 
furnace entrance. 

Gasified-coal-
fired combustor 

Synthetic combustible gas derived from an on-site coal 
gasification process is burned in a gas turbine 
combustor. The hot combustion gases turn the gas 
turbine blades mounted on a shaft that drives an 
electric generator. The hot exhaust gases from the gas 
turbine pass through a waste heat boiler to produce 
steam for driving a steam turbine/generator unit. 

Gasified-coal-fired combustors are unique from the other coal-firing 
configurations because a gaseous fuel is burned instead of solid 
coal. 
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Table 2-4. Nationwide distribution of electric utility units by coal-firing 
configuration for the year 1999 as reported in the Part II EPA ICR data (source: 
Reference 10). 

Coal-firing 
Configuration 

Nationwide 
Total Number of 

Units 

Percent of 
Nationwide Total 

Percent of 
Nationwide 
Electricity 
Generating 

Capacity 

Pulverized-coal-fired furnace 979 85.6 % 90.1 % 

Cyclone furnace 87 7.6 % 7.6 % 

Fluidized-bed combustor 42 3.7 % 1.3 % 

Stoker-fired furnace 32 2.8 % 1.0 % 

Gasified-coal-fired combustor 3 0.3 % < 0.1 % 

Nationwide Total 1,143 100 % 100 % 
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2.5.1 Pulverized-coal-fired Furnace 

To burn in a pulverized-coal-fired furnace, the coal must first be pulverized in a mill to 
the consistency of talcum powder (i.e.; at least 70 percent of the particles will pass through a 
200-mesh sieve). The pulverized coal is generally entrained in primary air before being fed 
through the burners to the combustion chamber, where it is fired in suspension. Pulverized-coal 
furnaces are classified as either dry or wet bottom, depending on the ash removal technique. Dry 
bottom furnaces fire coals with high ash fusion temperatures, and dry ash removal techniques are 
used. In wet bottom (slag tap) furnaces, coal with a low ash fusion temperature is fired, and 
molten ash is drained from the bottom of the furnace. 

Pulverized-coal-fired furnaces are further classified by the firing position of the burners. 
Wall-fired boilers are characterized by rows of burners on one or more walls of the furnace. The 
two basic forms of wall-fired furnaces are single-wall (having burners on one wall) or opposed 
(having burners on walls that face each other). Circular register burners and cell burners are 
types of burner configurations used in both single-wall and opposed-wall-fired units. A circular 
register burner is a single burner mounted in the furnace wall, separated from other burners so 
that it has a separate, distinct flame zone. Cell burners are several circular register burners 
grouped closely together to concentrate their distinct flame zones. 

Tangential-fired boilers are based on the concept of a single flame envelope and project 
both fuel and combustion air from the corners of the furnace. The flames are directed on a line 
tangent to a small circle lying in a horizontal plane at the center of the furnace. This action 
produces a fireball that moves in a cyclonic motion and expands to fill the furnace. 

2.5.2 Cyclone Furnace 

Cyclone furnaces use burner design and placement (i.e., several water-cooled horizontal 
burners) to produce high-temperature flames that circulate in a cyclonic pattern. The coal is not 
pulverized but instead crushed to a 4-mesh size. The crushed coal is fed tangentially, with 
primary air, to a horizontal cylindrical combustion chamber. In this chamber, small coal particles 
are burned in suspension, while the larger particles are forced against the outer wall. The high 
temperatures developed in the relatively small furnace volume, combined with the low fusion 
temperature of the coal ash, causes the ash to form a molten slag, which is drained from the 
bottom of the furnace through a slag tap opening. 

2.5.3 Fluidized-bed Combustor 

Fluidized-bed combustion increasingly is being used for coal-fired electric utility power 
plants. A variety of coals, including those with high concentrations of ash, sulfur, and nitrogen, 
can be burned in a fluidized-bed combustor (FBC). The term "fluidized" refers to the state of the 
bed materials (fuel or fuel and inert material [or sorbent]) as gas passes through the bed. In a 
typical FBC, combustion occurs when coal, with inert material (e.g., sand, silica, alumina, or ash) 
and a sorbent such as limestone, is suspended through the action of primary combustion air 
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which is distributed below the combustor floor. The gas cushion between the solids allows the 
particles to move freely, giving the bed a liquid-like characteristic (i.e., fluidized). In an FBC, 
crushed coal (between ¼ and 3/8 inches in diameter) is injected into a bed above a grate-like air 
distributor. Air is injected upward through the grate, lifting and suspending the solid particles. 
Inert materials such as sand or alumina are often mixed with the coal to maintain the bed in a 
fluidized state. Limestone particles can also be added to the bed to adsorb sulfur dioxide 
produced during combustion (discussed in Chapter 3). 

2.5.4 Stoker-fired Furnace 

Stoker-firing of coal is used for the oldest furnace designs in the electric utility industry, 
being first introduced to the industry in the late 1800s. Today, this design is used by only a few 
of the operating power plants. New power plants are not expected to adopt this design. In stoker 
furnaces, coal is burned on a bed at the bottom of the furnace. The bed of coal burns on a grate. 
Heated air passes upward through openings in the grate. Stokers are classified according to the 
way coal is fed to the grate; the three general classes in use today are underfeed stokers, overfeed 
stokers, and spreader stokers. Underfeed stokers feed coal by pushing it upward through the 
bottom of the grate. In overfeed stokers, the coal is deposited directly on the grate from a 
gravity-fed bin. In spreader stokers, a flipping mechanism throws the coal into the furnace above 
the grate; in this method, fine coal particles burn in suspension while heavier particles fall to the 
grate and burn. Additional combustion air is added above the grate to support suspension 
burning. Overfeed stokers can burn every type of coal except caking bituminous coal; spreader 
stokers can burn all types of coal except anthracite. 

2.5.5 Gasified-coal-fired Combustor 

Unlike the four coal-firing configurations discussed above, IGCC power plants do not 
burn solid coal. In place of the coal-fired boiler used at a conventional coal-fired electric utility 
power plant, at an IGCC power plant a coal gasification unit is used coupled with a gas turbine 
combustor and heat recovery boiler. The solid coal is gasified by a process in which a coal/water 
slurry is reacted at high temperature and pressure with oxygen (or air) and steam in a vessel (the 
gasifier) to produce a combustible gas. This combustible gas is composed of a mixture of carbon 
dioxide and hydrogen and is often referred to as a synthetic gas or Asyngas.@ Molten ash flows 
out of the bottom of the gasifier into a water-filled sump where it forms a solid slag. The syngas 
is cleaned and conditioned before being burned in a gas turbine that drives an electrical 
generator. The hot combustion gases from the gas turbine are exhausted directly through a heat 
recovery boiler (i.e., no combustion takes place in the boiler) to produce steam that is then 
expanded through a steam turbine that drives a second generator to produce more electrical 
power. 

The generation of electricity using the IGCC process offers a number of advantages 
compared to using conventional coal-fired boilers including higher thermal conversion 
efficiencies (e.g., more kilowatt-hours of electricity generated per kilogram of coal burned), 
greater fuel flexibility (e.g., capability to use a wider variety of coal grades), and improved 
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control of particulate matter and SO2 emissions without the need for post-combustion control 
devices (e.g., almost all of the sulfur and ash in the coal is removed during the gasification 
process). Three IGCC power plant projects have been constructed in the United States as part of 
the DOE=s Clean Coal Technology Program, a joint government-industry cost-share technology 
development program. These facilities are the 250 MWe Tampa Electric Company Polk Power 
Project, the 307 MWe Wabash River Coal Gasification Repowering Project, and the 107 MWe 
Sierra Pacific Pinon Pine IGCC Power Project. Two of the facilities currently are operating (the 
Polk and Wabash River IGCC facilities). The Pinon Pine IGCC facility presently is shut down 
because of recurring problems with particulate matter in the syngas causing premature gas 
turbine blade erosion.13 

In IGCC applications, the syngas from the gasifier is cleaned and conditioned before it is 
burned in the gas turbine using several different techniques. For example, at the Wabash River 
IGCC facility, the syngas from the coal gasifier passes through a series of gas cleaning and 
conditioning steps including a barrier filter for particulate removal, a water scrubber for gas 
cooling, and an amine scrubber for removal of reduced-sulfur species. In contrast, at the Polk 
IGCC facility, a hot-gas cleaning process is used and the syngas from the coal gasifier is not 
cooled before it is burned in the gas turbine. 

2.6 Ash from Coal Combustion 

Coal contains inorganic matter that does not burn including oxides of silicon, aluminum, 
iron, and calcium. This noncombustible matter forms ash when the coal is burned. Burning of 
coal in electric utility boilers generates large quantities of ash that must be removed and disposed 
of. The finer, lighter ash particles are entrained in the combustion gases and vented from the 
furnace section with the flue gas. This portion of the coal ash is referred to as “fly ash.” The 
coarser, heavier ash particles fall to the bottom of the furnace section in the boiler unit. This 
portion of the coal ash is referred to as "bottom ash." The proportion of fly ash to bottom ash 
generated in a coal combustion unit varies depending on how the coal is burned. 

In general, the fly ash is collected as a dry material at several points downstream of the 
furnace section. These points include collection hoppers beneath the boiler economizer, air 
heater, and the particulate matter control devices (other than wet scrubbers). From the collection 
hopper, the fly ash is conveyed using a mechanical system, vacuum system, pneumatic system, or 
combination of these systems to a storage silo. If a wet scrubbing system is used for air pollutant 
control, fly ash is captured and removed in the scrubber wastewaters. 

For most boiler designs, the bottom ash is collected in a pit or hopper at the bottom of the 
boiler furnace. The ash is collected in the form of either a dry material or a molten slag 
depending on whether the furnace operating temperature is above the ash fusion temperature (i.e., 
the temperature at which the mineral compounds composing the ash melt). The ash is 
continuously removed from the ash pit using a mechanical, pneumatic, or hydraulic conveyance 
system. 
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When coal is burned in a pulverized-coal furnace, on the order of 60 to 80 percent of the 
total ash generated is fly ash. The high amount of fly ash results because the coal enters the 
furnace in a fine powder form that burns rapidly in suspension resulting in many tiny, lightweight 
ash particles that can easily be carried out of the furnace section with the flue gas. The heavier 
ash particles fall to the bottom of the furnace where they are removed. Two pulverized-coal 
boiler design approaches are used to collect bottom ash. The more frequently used design 
approach, commonly referred to as a “dry-bottom” furnace, collects the ash as essentially a dry 
material. For the typical dry-bottom furnace, the ash and slag particles fall into a water-filled 
hopper. The water serves several purposes including providing an air seal to prevent the 
infiltration of ambient air into the furnace, solidifying molten slag particles, and facilitating ash 
handling. The ash is then continuously removed from the ash pit using either a mechanical or an 
hydraulic conveyance system. The other design approach, referred to as a “wet-bottom” furnace, 
positions the coal burners on the furnace wall to maintain the ash that collects on the furnace 
floor in a molten state. The slag is drained through a slag tap opening into a slag tank. 

The cyclone furnace is specifically designed to burn low-ash fusion coals and retains most 
of the ash in the form of a molten slag. The molten slag collects in a trough on the bottom of 
furnace and is continually drained through a slag tap opening into a slag tank. Water in the slag 
tank solidifies the ash for disposal. Only 20 to 30 percent of the ash produced by burning coal in 
a cyclone furnace is entrained as fly ash. 

By nature of the fluidized-bed combustion process, most of the ash in the coal leaves the 
fluidized-bed combustor as fly ash. Because the temperatures in the FBC remain below the ash 
fusion temperature, formation of slag is avoided. Bottom ash is removed as a dry material to 
maintain the fluidized bed at a constant level. The ash removal system can be either a 
mechanical or pneumatic system. 

In stoker-fired furnaces where the coal is burned in a fuel bed, most of the ash remains on 
the grate and is removed as bottom ash. Some smaller ash particles are entrained in the upward 
flow of combustion air through the grate and exit the furnace section as fly ash. The spreader 
stoker has a greater proportion of the ash entrained as fly ash (up to 50 percent of the ash) than 
the other stoker types (on the order of 20 percent fly ash). This occurs because the spreader 
stoker mechanically throws the crushed coal across the top of the grate. This allows the smaller 
coal fines in the incoming coal to burn in suspension before falling to the grate. This produces 
the small, lightweight ash particles that are carried out of the furnace section with the flue gas. 

No ash is produced when burning syngas derived from coal in an IGCC power plant. The 
ash contained in the coal is removed by the gasification process that is used to produce the 
syngas. Before the syngas can be burned in the gas turbine, the gas must be precleaned to 
remove all types of particulate matter in order to prevent premature wear and destruction of the 
turbine blades. 
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2.7 Coals Burned by Electric Utilities In 1999 

The EPA ICR Part II survey collected data on the coal, coal wastes, and some 
supplemental fuels burned in each coal-fired electric utility boiler operating in the United States 
during the entire calendar year 1999. Coal samples were analyzed for, at a minimum, the higher 
heating value (HHV) and the coal sulfur, ash, Hg, moisture, and chlorine content. Samples were 
collected every third to twelfth fuel shipment in each month of 1999, depending on the statistical 
characteristics of initial analysis results for each boiler unit. Either the coal shipper or the power 
plant operator could take the sample if the samples were collected at a point after any coal 
cleaning had been completed. Thus, Aas-shipped@ or Aas-received@ coals are considered to be 
equivalent to Aas-fired@ coals, and Hg analyses from such samples are assumed to represent the 
quantity of Hg entering the boiler. 

In 1999, a nationwide total of approximately 786 million tons of coal and supplemental 
fuels were burned in coal-fired electric utility boilers that met the CAA Section 112(a) definition 
of an electric utility steam generating unit (i.e., boiler units of more than 25 megawatts that serve 
a generator that produces electricity for sale). Table 2-5 shows the nationwide distribution of the 
coal burned by rank as reported by the respondents to the EPA ICR (i.e., the power plant owners 
and operators). 

Most electric utility power plants burn either bituminous or subbituminous coals. Half of 
the coals burned by the electric utility industry in 1999 were bituminous coal (52 percent of the 
total nationwide tonnage). Approximately one-third of the coals burned were subbituminous 
coals (36.5 percent of the total nationwide tonnage). Some power plants reported burning both 
bituminous and subbituminous coals. At most of these facilities, the two coal types are blended 
together before firing in the boiler unit. A few of the facilities switch between the two coal types 
for firing in the boiler unit to address site-specific circumstances. The vast majority of the 
bituminous or subbituminous coals were supplied from mines in the United States. However, 
imported coals were burned in 1999 at a few power plant locations. Ten plants, located near Gulf 
of Mexico or Atlantic Ocean seaports, imported bituminous coal from South America and three 
plants located in Hawaii and Florida imported subbituminous coal from Indonesia. 

In general, the burning of lignite or anthracite coals by electric utilities is limited to those 
power plants that are located near the mines supplying the coal. Lignite accounted for 
approximately 6.5 percent of the total coal tonnage burned at electric utility power plants in 
1999. A total of 17 electric utility power plants reported burning lignite. All of these facilities 
are located near the coal deposits from which the lignite is mined in Texas, Louisiana, Montana, 
or North Dakota. Similarly, burning of anthracite coal in 1999 was limited to a few power plants 
located close to the anthracite coal mines in eastern Pennsylvania. The coal-fired electric utility 
boilers at these facilities burned either newly mined anthracite coal or waste anthracite coal 
reclaimed from mine waste piles. 

Table 2-5 also shows that small amounts of supplemental fuels (e.g., petroleum coke or 
tire derived fuel [TDF] chips) also were co-fired with coal in some coal-fired electric utility 
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Table 2-5. Nationwide quantities of coals and supplemental fuels burned in 
coal-fired electric utility boilers for the year 1999 as reported in the Part II EPA 
ICR data (source: Reference 10). 

Fuel Type 
Total Tonnage 

Burned 
(million tons) 

Percentage 
by Weight 

Bituminous coal 406 51.7% 

Subbituminous coal 287 36.5% 

Lignite 51 6.5% 

Bituminous/subbituminous coal mixture 24 3.0% 

Bituminous coal/petroleum coke mixture 6 0.7% 

Waste anthracite coal 5 0.6% 

Waste bituminous coal 4 0.5% 

Petroleum coke 2 0.3% 

Other (a) 1 < 0.2% 

Total 786 100% 

(a)	 Mixes of anthracite, bituminous, and waste bituminous fuel, tires, subbituminous coal and petroleum 
coke, or waste subbituminous coal. 
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boilers. At these facilities, the supplemental fuels are mixed with coal before firing in the boiler 
unit. These supplemental fuels typically have heating values higher than that of coal and serve to 
boost the overall heating value of the fuel mix burned in the boiler unit. Less than 0.5 percent of 
the total fuel tonnage burned in 1999 consisted of supplemental fuels. 

Selected properties of the coal and supplemental fuel burned nationwide in coal-fired 
electric utility boilers in 1999, as reported in the EPA ICR Part II data, are summarized by fuel 
type in Appendix A. Table 2-6 presents a summary of the Hg content data reported for the coals 
and supplemental fuels as fired in the boiler units. The EPA ICR data do not identify the coal 
resource regions from which the coal burned in a given boiler unit was mined. However, 
consistent with the Hg content data for as-mined coals presented in Table 2-2, the data presented 
in Table 2-6 indicate that there is no general relationship between coal rank and Hg content of the 
coal. For bituminous, subbituminous, and lignite coals, the Hg concentrations reported in the 
EPA ICR data ranged from trace amounts to upper levels of approximately 1 ppm. 

A review of the EPA ICR data suggests that there is no direct correlation between the 
sulfur content of a coal and its Hg content. In other words, Ahigh@ sulfur coals are not necessarily 
Ahigh@ Hg coals. Trace concentrations of Hg were reported for coals with high-sulfur contents. 
Conversely, Hg concentrations at the upper end of the concentration ranges also were reported 
for high sulfur-content coals. This observation is consistent with previous studies of the Hg 
content in coal based on a much smaller database. For example, an earlier study comparing the 
sulfur and Hg concentrations in 153 samples of coal shipments found no relationship between the 
sulfur and Hg concentrations in these coals.14 
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Table 2-6. Mercury content of as-fired coals and supplemental fuels burned in coal-fired electric 
utility boilers for the year 1999 as reported in the Part II EPA ICR data (source: Reference 10). 

Hg Concentration 
(ppm dry) 

Hg Content by 
Fuel Heating Value 
(lb Hg per 1012 Btu)Fuel Type 

Number of 
Samples 
Analyzed 

Range Mean Range Mean 

Bituminous coal 27,793 0.0 - 1.3 0.11 0.07 - 103.81 8.61 

South American bituminous coal (a) 270 0.01 - 0.42 0.08 0.70 – 31.06 5.52 

Subbituminous coal 8,180 0.008 - 0.9 0.07 0.66 - 71.02 5.75 

Indonesian subbituminous coal (b) 78 0.02 - 0.1 0.03 1.54 – 9.23 2.70 

Lignite coal 1,047 0.02 - 0.75 0.11 1.84 - 75.06 10.80 

Anthracite coal 65 0.06 - 0.23 0.14 5.02 – 17.49 11.36 

Waste anthracite coal 426 0.04 - 0.54 0.19 8.39 - 4.73 28.55 

Waste bituminous coal 572 0.03 - 1.18 0.46 2.47 - 172.92 60.79 

Waste subbituminous coal 53 0.07 - 0.35 0.12 5.81 - 30.35 11.42 

Petroleum coke 1,150 0.0009 - 0.5 0.05 0.06 - 32.16 3.30 

Tire-derived fuel 149 0.01 - 0.33 0.056 0.60 - 19.89 3.72 
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Chapter 3

Criteria Air Pollutant Emission Controls for


Coal-fired Electric Utility Boilers


3.1 Introduction 

The EPA uses "criteria pollutants" as indicators of ambient air quality. For each criteria 
air pollutant, the EPA has established maximum concentrations for specific exposure periods 
above which adverse effects on human health may occur. Under authority of the CAA, these 
threshold concentrations for the criteria air pollutants are codified as the national ambient air 
quality standards (NAAQS). The EPA has set NAAQS for six criteria air pollutants: carbon 
monoxide (CO), lead (Pb), nitrogen dioxide (NO2), ozone (O3), particulate matter (PM), and 
sulfur dioxide (SO2). 

Estimates of national emissions for criteria air pollutants prepared by the EPA show that 
electric utility power plants that burn coal are significant emission sources of SO2, nitrogen 
oxides (NOx), and PM.1  Electric utility power plants are the Nation’s largest source of SO2 

emissions, contributing approximately 68 percent of the estimated total national SO2 emissions in 
1998 (most recent year for which national estimates are available). Over 90 percent of these SO2 

emissions are coal-fired electric utility boilers. Electric utilities contributed 25 percent of total 
national NOx emissions in 1998. Again coal combustion is the predominant source of NOx 

emissions from the electric utilities (almost 90 percent of the estimated NOx emissions). Coal-
fired electric utility power plants also are one of the largest industrial sources of PM emissions. 
In general, the high combustion efficiencies achieved by coal-fired electric utility boilers result in 
low emissions of CO and volatile organic compounds (a precursor for the photochemical 
formation of ozone in the atmosphere). Lead is listed as a HAP in addition to being listed as a 
criteria air pollutant. Lead emissions from electric utility boilers were evaluated as part of EPA’s 
report to Congress on HAP emissions from electric utility power plants (discussed in Section 
1.4.1). 2  The EPA found that electric utility boilers contribute a very small percentage of the 
nationwide Pb emissions. 

All coal-fired electric utility power plants in the United States use control devices to 
reduce PM emissions. Many coal-fired electric utility boilers also are required to use controls for 
SO2 and NOx emissions depending on site-specific factors such as the properties of the coal 
burned, when the power plant was built, and the area where the power plant is located. As 
discussed in Chapter 6, certain control technologies used to reduce criteria air pollutant 
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emissions from coal-fired electric utility boilers also remove some of the mercury (Hg) from the 
flue gas. In addition, the existing control configuration used for a given coal-fired electric utility 
boiler to meet criteria air pollutant emissions standards directly can affect the applicability, 
performance, and costs of retrofitting additional Hg controls to the unit. 

The purpose of this chapter is to present a summary review of the different control 
technologies currently used by coal-fired electric utility boilers to meet the applicable criteria air 
pollutant emissions standards. The nationwide distribution of control configurations used at 
coal-fired electric utility power plants to comply with these standards is presented using 
information from the EPA ICR database. The impact or influence of these control configurations 
on control of Hg emissions is discussed in the Chapter 6. 

3.2 Criteria Air Pollutants of Concern from Coal Combustion 

3.2.1 Particulate Matter3,4 

Dust, dirt, soot, smoke, and liquid droplets are directly emitted into the air from 
anthropogenic sources as well as natural sources such as forest fires and windblown dust. This 
type of PM sometimes is called “primary particulate matter.” In addition, gaseous air pollutants 
(e.g., sulfur dioxide, nitrogen oxides, and volatile organic compounds) are considered to be PM 
precursors causing “secondary particulate matter” through complex transformations that occur in 
the ambient environment. Human exposure to concentrations of PM at various levels results in 
effects on breathing and respiratory symptoms, aggravation of existing respiratory and 
cardiovascular disease, alterations in the body's defense systems against foreign materials, 
damage to lung tissue, carcinogenesis, and premature death. The people most sensitive to the 
effects of PM include individuals with chronic obstructive pulmonary or cardiovascular disease 
or influenza, asthmatics, the elderly, and children. Particulate matter also contributes to visibility 
impairment in the United States. 

Primary PM emissions from coal-fired electric utility boilers consist primarily of fly ash. 
Ash is the unburned carbon char and the mineral portion of combusted coal. The amount of ash 
in the coal, which ultimately exits the boiler unit as fly ash, is a complex function of the coal 
properties, furnace-firing configuration, and boiler operation. For the dry-bottom, pulverized-
coal-fired boilers, approximately 80 percent of the total ash in the as-fired coal will exit the boiler 
as fly ash. Wet-bottom, pulverized-coal-fired boilers emit significantly less fly ash: on the order 
of 50 percent of the total ash exits the boiler as fly ash. In a cyclone furnace boiler, most of the 
ash is retained as liquid slag; thus, the quantity of fly ash exiting the boiler is typically 20 to 30 
percent of the total ash. However, the high operating temperatures unique to these designs may 
also promote ash vaporization and larger fractions of submicron fly ash compared to dry bottom 
designs. Fluidized-bed combustors emit high levels of fly ash since the coal is fired in 
suspension and the ash is present in dry form. Spreader-stoker-fired boilers can also emit high 
levels of fly ash. However, overfeed and underfeed stokers emit less fly ash than spreader 
stokers, since combustion takes place in a relatively quiescent fuel bed. 
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In addition to the fly ash, PM emissions from a coal-fired electric utility power plant 
result from reactions of the SO2 and NOx compounds as well as unburned carbon particles carried 
in the flue gas from the boiler. The SO2 and NOx compounds are initially in the vapor phase 
following coal combustion in the furnace chamber but can partially chemically transform in the 
stack, or near plume, to form fine PM in the form of nitrates, sulfur trioxide (SO3), and sulfates. 
Firing configuration and boiler operation can affect the fraction of carbon (from unburned coal) 
contained in the fly ash. In general, the high combustion efficiencies achieved by pulverized-
coal-fired boilers and cyclone-fired boilers result in relatively small amounts of unburned carbon 
particles in the exiting combustion gases. Those pulverized-coal-fired electric utility boilers that 
use special burners for NOx control (discussed in Section 3.7) tend to burn coal less completely; 
consequently, these furnaces tend to emit a higher fraction of unburned carbon in the combustion 
gases exiting the furnace. 

Another potential source of PM in the flue gas from a coal-fired electric utility boiler is 
the use of a dry sorbent-based control technology.  Solid sorbent particles are injected into the 
combustion gases to react with the air pollutants and then recaptured by a downstream control 
device.  Sorbent particles that escape capture by the control device are emitted as PM to the 
atmosphere. Control technologies using sorbent injection are discussed in Chapter 7. 

3.2.2 Sulfur Dioxide 3,4 

Exposure of people to SO2 concentrations above threshold levels affects their breathing 
and may aggravate existing respiratory and cardiovascular disease. Sensitive populations include 
asthmatics, individuals with bronchitis or emphysema, children, and the elderly.  Sulfur dioxide 
is also a primary contributor to acid deposition, or acid rain, which causes acidification of lakes 
and streams and can damage trees, crops, historic buildings, and statues. In addition, SOx 

compounds in the air contribute to visibility impairment. In the United States, SO2 is primarily 
emitted from the combustion of fossil fuels and by metallurgical processes. 

Coal deposits contain sulfur in amounts ranging from trace quantities to as high as 
eight percent or more. Most of this sulfur is present as either pyritic sulfur (sulfur combined with 
iron in the form of a mineral that occurs in the coal deposit) or organic sulfur (sulfur combined 
directly in the coal structure). During combustion, sulfur compounds in coal are oxidized to 
gaseous SO2 or SO3. When firing bituminous coal, almost all of the sulfur present in coal will be 
emitted as gaseous sulfur oxides (on average 98 percent). The more alkaline nature of ash in 
some subbituminous coals causes a portion of the sulfur in the coal to react to form various 
sulfate salts; these salts are emitted as fly ash or retained in the boiler bottom ash. Generally, the 
percentage of sulfur in the as-fired coal that is converted to sulfur oxides during combustion does 
not vary with the utility boiler design or operation. 

3.2.3 Nitrogen Oxides 4, 5 

Nitrogen dioxide (NO2) is a highly reactive gas. The major mechanism for the formation 
of NO2 in the atmosphere is the oxidation of nitric oxide (NO) when exposed to solar radiation. 
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These two chemical species are collectively referred to as nitrogen oxides (NOx). Exposure of 
people to NO2 can irritate the lungs, cause bronchitis and pneumonia, and lower resistance to 
respiratory infections. Nitrogen oxides are an important precursor together with volatile organic 
compounds in the photochemical formation of ozone in the atmosphere. Ozone is a criteria 
pollutant and the major component of smog. Nitrogen dioxide is also a primary contributor to 
acid rain. The major NOx emissions sources are transportation vehicles and stationary 
combustion units. 

Both NO and NO2 are formed during coal combustion by oxidation of molecular nitrogen 
that is present in the combustion air or nitrogen compounds contained in the coal. Overall, total 
NOx formed during combustion is composed predominantly of NO mixed with small quantities 
of NO2 (typically less than 10 percent of the total NOx formed).  However, once NO formed 
during coal combustion is emitted to the atmosphere, the NO is oxidized to NO2. 

The NOx formed during coal combustion by oxidation of molecular nitrogen (N2) in the 
combustion air is referred to as “thermal NOx.” The oxidation reactions converting N2 to NO and 
NO2 become very rapid once gas temperatures rise above 1,700 °C (3,100 °F). Formation of 
thermal NOx in a coal-fired electric utility boiler is dependent on two conditions occurring 
simultaneously in the combustion zone: high temperature and an excess of combustion air. A 
boiler design feature or operating practice that increases the gas temperature above 1,700 °C, the 
gas residence time at these temperatures, and the quantity of excess combustion air will affect 
thermal NOx formation. The formation of NOx by oxidation of nitrogen compounds contained in 
the coal is referred to as “fuel NOx.” The nitrogen content in most coals ranges from 
approximately 0.5 to 2 percent. The amount of nitrogen available in the coal is relatively small 
compared with the amount of nitrogen available in the combustion air. However, depending on 
the combustion conditions, significant quantities of fuel NOx can be formed during coal 
combustion. 

3.3 Existing Control Strategies Used for Coal-fired Electric Utility Boilers 

Electric utilities must comply with applicable Federal standards and programs that 
specifically regulate criteria air emissions from coal-fired electric utility boilers. These 
regulations and programs include New Source Performance Standards (NSPS), the CAA Title IV 
Acid Rain Program, and the CAA Title V Operating Permits Program. The EPA has delegated 
authority to individual state and local agencies for implementing many of these regulatory 
requirements. In addition, individual states have established their own standards and 
requirements for those power plants that operate within their jurisdictions. Electric utility 
companies use one or a combination of the following three control strategies to comply with the 
specific set of requirements applicable to a given coal-fired boiler. 

Pre-combustion Controls. Control measures in which fuel substitutions are made or fuel 
pre-processing is performed to reduce pollutant formation in the combustion unit. 

3-4




Combustion Controls. Control measures in which operating and equipment 
modifications are made to reduce the amount of pollutants formed during the combustion 
process; or in which a material is introduced into the combustion unit along with the fuel 
to capture the pollutants formed before the combustion gases exit the unit. 

Post-combustion Controls: Control measures in which one or more air pollution control 
devices are used at a point downstream of the furnace combustion zone to remove the 
pollutants from the post-combustion gases. 

Table 3-1 shows the distribution of emissions control strategies for PM, SO2, and NOx 

used for coal-fired electric utility boilers in 1999 as reported in the Part II EPA ICR data.6  All 
coal-fired electric utility boilers in the United States are controlled for PM emissions by using 
some type of post-combustion controls. These particulate emission control types are discussed in 
Section 3.4. Approximately two-thirds of the total coal-fired electric utility boilers use add-on 
controls for SO2 emissions. Most of these controlled units use either a pre-combustion or a post-
combustion control strategy for SO2 emissions. The methods used for controlling SO2 emissions 
from coal-fired electric utility boilers are discussed in Section 3.5. Although approximately two-
thirds of the coal-fired electric utility boilers are controlled for NOx emissions, these units are not 
necessarily the same units controlled for SO2 emissions. The predominant strategy for 
controlling NOx emissions is to use combustion controls. Section 3.6 discusses the application of 
NOx emission controls to coal-fired electric utility boilers. 

3.4 Particulate Matter Emission Controls 

Four types of control devices are used to collect PM emissions from coal-fired electric 
utility boilers: electrostatic precipitators, fabric filters, mechanical collectors, and particle 
scrubbers. Table 3-2 presents the 1999 nationwide distribution of PM controls on coal-fired 
electric utility boilers by total number of units and by percentage of nationwide electricity 
generating capacity. Electrostatic precipitators are the predominant control type used on coal-
fired electric utility boilers both in terms of number of units (84 percent) and total generating 
capacity (87 percent). The second most common control device type used is a fabric filter. 
Fabric filters are used on about 14 percent of the coal-fired electric utility boilers. Particle 
scrubbers are used on approximately three percent of the boilers. The least used control device 
type is a mechanical collector. Less than one percent of the coal-fired electric utility boilers use 
this type of control device as the sole PM control. Other boilers equipped with a mechanical 
collector use this control device in combination with one of the other PM control device types. 

3.4.1 Electrostatic Precipitators 4,7 

Electrostatic precipitator (ESP) control devices have been used to control PM emissions 
for over 80 years. These devices can be designed to achieve high PM collection efficiencies 
(greater than 99 percent), but at the cost of increased unit size. An ESP operates by imparting an 
electrical charge to incoming particles, and then attracting the particles to oppositely charged 
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Table 3-1. Criteria air pollutant emission control strategies as applied to 
coal-fired electric utility boilers in the United States for the year 1999 as reported 
in the Part II EPA ICR data (source: Reference 6). 

Percentage of Coal-fired Electric Utility Boilers Using Control Strategy 
as Reported in Phase II EPA ICR Data a,b 

Criteria 
Air Pollutant 

Meet Applicable 
Standards 

Without 
Additional 
Controls 

Pre-combustion 
Controls 

Combustion 
Controls 

Post-combustion 
Controls 

Particulate 
matter 

0 % 0 % 0 % 100 % 

Sulfur 
dioxide 

37 % 40 % 3 % 20 % 

Nitrogen 
oxides 

40 % 0 % 57 % 3 % 

(a) Approximately 1.5 % of the boilers use a combination of pre-combustion and post-combustion SO
2
 controls. 

(b) Approximately 1% of the boilers using post-combustion NO controls also use some type of combustion 
x 

controls. 
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Table 3-2. Nationwide distribution of existing PM emission controls used for 
coal-fired electric utility boilers for the year 1999 as reported in the Part II EPA 
ICR data (source: Reference 6). 

Phase II EPA ICR Data 

PM 
Control Type 

Abbreviation 
Code 

Number 
of Boilers 

Percent of 
Nationwide 

Total Number 
of Units 

Percent of 
Nationwide 
Electricity 
Generating 

Capacity 

Electrostatic precipitator 
(Cold-side) 

CS- ESP 822 (a) 72.1 % 74.7 % 

Electrostatic precipitator 
(Hot-side) 

HS-ESP 122 10.8 % 11.3 % 

Fabric filter FF 155 (b) 13.6 % 9.4 % 

Particle scrubber PS 23 (c) 2.0% 3.0 % 

Mechanical collector (d) MC 5 0.4 % 0.2 % 

Multiple control device 
combinations (e) 

13 1.1 % 1.4 % 

Nationwide Total 1,140 (f) 100 % 100 % 

(a) Includes 10 boilers with cold-side ESP in combination with upstream mechanical collector.

(b) Includes eight boilers with baghouse in combination with upstream mechanical collector.

(c) Includes two boilers with particle scrubber in combination with upstream mechanical collector.

(d) Boilers using mechanical collector as only PM control device.

(e) Boilers using a combination of two or more different control device types other than mechanical


collectors. Includes two boilers that use a hot-side ESP in series with a cold-side ESP. 
(f) Does not include the three IGCC units. 
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metal plates for collection. Periodically, the particles collected on the plates are dislodged in 
sheets or agglomerates (by rapping the plates) and fall into a collection hopper. The dust 
collected in the ESP hopper is a solid waste that must be disposed of. 

The effectiveness of particle capture in an ESP depends largely on the electrical resistivity 
of the particles being collected. An optimum value exists for a given ash. Above and below this 
value, particles become less effectively charged and collected. Table 3-3 presents the PM 
collection efficiency of an ESP compared with the other control device types. Coal that contains 
a moderate to high amount of sulfur (more than approximately three percent) produces an easily 
collected fly ash. Low-sulfur coal produces a high-resistivity fly ash that is more difficult to 
collect. Resistivity of the fly ash can be changed by operating the boiler at a different 
temperature or by conditioning the particles upstream of the ESP with sulfur trioxide, sulfuric 
acid, water, sodium, or ammonia. In addition, collection efficiency is not uniform for all particle 
sizes. For coal fly ash, particles larger than about 1 to 8 µm and smaller than about 0.3 µm (as 
opposed to total PM) are typically collected with efficiencies from 95 to 99.9 percent. Particles 
near the 0.3 µm size are in a poor charging region that reduces collection efficiency to 80 to 95 
percent. 

An ESP can be used at one of two locations in a coal-fired electric utility boiler system. 
For many years, every ESP was installed downstream of the air heater where the temperature of 
the flue gas is between 130 and 180 °C (270 and 350 °F). An ESP installed at this location is 
referred is as a "cold-side" ESP. However, to meet SO2 emission requirements, many electric 
utilities switched to burning low-sulfur coal (discussed in the Section 3.5.1). These coals have 
higher electrical ash resistivities, making the fly ash more difficult to capture downstream of the 
air heater. Therefore, to take advantage of the lower fly-ash resistivities at higher temperatures, 
some ESPs are installed upstream of the air heater, where the temperature of the flue gas is in the 
range of 315 to 400 °C (600 to 750 °F). An ESP installed upstream of the air heater is referred to 
as a "hot-side" ESP. 

3.4.2 Fabric Filters4,8 

Fabric filters (FF) have been used for fly ash control from coal-fired electric utility boilers 
for about 30 years. This type of control device collects fly ash in the combustion gas stream by 
passing the gases through a porous fabric material. The buildup of solid particles on the fabric 
surface forms a thin, porous layer of solids or a filter, which further acts as a filtration medium. 
Gases pass through this cake/fabric filter, but the fly ash is trapped on the cake surface. The 
fabric material used is typically fabricated in the shape of long, cylindrical bags. Hence, fabric 
filters also are frequently referred to as "baghouses." 

Gas flow through a FF becomes excessively restricted if the filter cake on the bags 
becomes too thick. Therefore, the dust collected on the bags must be removed periodically. The 
type of mechanism used to remove the filter cake classifies FF design types. Depending on the 
FF design type, the dust particles will be collected either on the inside or outside of the bag.  For 
designs in which the dust is collected on the inside of the bags, the dust is removed by either 
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Table 3-3. Comparison of PM collection efficiencies for different PM control 
device types (source: Reference 4) 

Representative PM 
Mass Collection Efficiency RangePM 

Control Type 
Total 
PM 

PM 
less than 0.3 µµµµm 

Electrostatic precipitator 
(Cold-side) 

99 to 99.7 % 80 to 95 % 

Electrostatic precipitator 
(Hot-side) 

99 to 99.7 % 80 to 95 % 

Fabric filter 99 to 99.9 % 99 to 99.8% 

Particle scrubber 95 to 99 % 30 to 85 % 

Mechanical collector 70 to 90 % 0 to 15 % 
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mechanically shaking the bag (called a "shaker type" FF) or by blowing air through the bag from 
the opposite side (called a "reverse-air" FF). An alternate design mounts the bags over internal 
frame structures, called "cages" to allow collection of the dust on the outside of the bags. A 
pulsed jet of compressed air is used to cause a sudden stretching then contraction of the bag 
fabric dislodging the filter cake from the bag.  This design is referred to as a "pulse-jet" FF.  The 
dislodged dust particles fall into a hopper at the bottom of the baghouse. The dust collected in 
the hopper is a solid waste that must be disposed of. 

An FF must be designed and operated carefully to ensure that the bags inside the collector 
are not damaged or destroyed by adverse operating conditions. The fabric material must be 
compatible with the gas stream temperatures and chemical composition. Because of the 
temperature limitations of the available bag fabrics, location of an FF for use in a coal-fired 
electric utility boiler is restricted to downstream of the air heater. In general, fabric filtration is 
the best commercially available PM control technology for high-efficiency collection of small 
particles (see Table 3-3). 

Electrostatic stimulation of fabric filtration (ESFF) involves a modified fabric filter that 
uses electrostatic charging of incoming dust particles to increase collection efficiency and reduce 
pressure drop compared to fabric filters without charging. Filter bags are specially made to 
include wires or conductive threads, which produce an electrical field parallel to the fabric 
surface. Conductors can also be placed as a single wire in the center of the bag.  When the bags 
are mounted in the baghouse, the conductors are attached to a wiring harness that supplies 
electricity. As particles enter the field and are charged, they form a porous mass or cake of 
agglomerates at the fabric surface. Greater porosity of the cake reduces pressure drop, while the 
agglomeration increases efficiency of small particle collection. Cleaning is required less 
frequently, resulting in longer bag life. For felted or nonwoven bags, the field promotes 
collection on the outer surface of the fabric, which also promotes longer bag life. Filtration 
velocity can be increased so that less fabric area is required in the baghouse. The amount of 
reduction is based on an economic balance among desired performance, capital cost, and 
operating costs. A number of variations exist on the ESFF idea of combining particle charging 
with fabric filtration. 

The University of North Dakota, Energy and Environmental Research Center 
(UND/EERC) has developed another type of combined control device called the Advanced 
Hybrid Collector (AHC).9  A charging (and collection) section can also be placed ahead of the 
bags in a fabric filter. This approach is used in the AHC along with the use of membrane fabrics 
(woven or felted fabrics having a membrane laminated to the filtration surface of the fabric). 
The membrane is typically polytetrafluoroethylene (PTFE). With about 90 percent of the mass of 
particles collected in the electrostatic charging and collection section of the AHC, the load on the 
fabric filter part of the system is much reduced. With a membrane fabric for the bags, it is likely 
that filtration velocity can be increased significantly. 
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3.4.3 Particle Scrubbers4 

Particle scrubbers operate by shattering streams of water into small droplets that collide 
with and trap solid particles contained in the flue gas or by forcing the gases into intimate contact 
with water films. The particle-laden droplets or water films coalesce and are collected in a sump 
at the bottom of the scrubber. The three basic types of particle scrubbers are venturi scrubbers, 
preformed spray scrubbers, and moving-bed scrubbers. Venturi scrubbers are the type most 
commonly used for coal-fired electric utility boilers. This scrubber design transports the particle-
laden flue gas through a constriction where violent mixing takes place. Water is introduced 
either at or upstream of the constriction. Preformed spray scrubbers are usually vertical cylinders 
with flue gas passing upward through droplets sprayed from nozzles near the top of the unit. 
Moving-bed scrubbers have an upper chamber in which a bed of low-density spheres (often 
plastic) is irrigated by streams of water from above. Gas passing upward through the bed agitates 
the wetted spheres, which continually expose fresh liquid surfaces for particle transfer. 
Regardless of the scrubber design, all particle scrubber systems generate wastewaters from the 
scrubber blowdown that must be treated and discharged. 

Particle scrubbers are more sensitive to particle size distribution in the flue gas than either 
an ESP or an FF.  In general, particle scrubbers are not as effective as these other control devices 
at collecting small particles (see Table 3-3). Also, while a venturi particle scrubber will have a 
lower initial cost for a given boiler unit application than either an ESP or an FF, the high pressure 
drop required for the scrubber to achieve a high collection efficiency results in high operating 
costs. These factors, in large part, account for the low use of particle scrubbers at coal-fired 
utilities. 

3.4.4 Mechanical Collectors4 

Mechanical collectors are the oldest, simplest, and least efficient of the four types of PM 
control devices. The collectors used for utility boilers are generally in the form of groups of 
cylinders with conical bottoms (multicyclones). Flue gas entering the cylinder tangentially to the 
wall is imparted with a circular motion around the cylinder’s axis. Particles in the gas stream are 
forced toward the wall by centrifugal force, then downward through a discharge at the bottom of 
the cone. Collection efficiency for a typical multicyclone can be about 70 to 75 percent for 
10-µm particles, but can drop to less than 20 percent for smaller 1-µm particles. Mechanical 
collectors can be efficient for relatively large particles because their settling velocity is high 
compared to fine particles. In a cyclone, larger particles are forced through the gas stream 
towards the outer wall because of their mass and inertia, while small particles have insufficient 
mass to be much affected. Electrically charging particles tends to agglomerate them, especially 
small particles, with the resulting larger agglomerates having increased mass over the individual 
small particles. In charged mechanical collectors, a charging section is placed ahead of a 
mechanical collector, and collection efficiency for smaller particles is significantly increased. 
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3.5 SO2 Emission Controls 

Sulfur dioxide emissions from most coal-fired electric utility boilers are controlled using 
either of two basic approaches. The first approach is to use pre-combustion measures, namely, 
the firing coal that contains lower amounts of sulfur. The low-sulfur coal may be naturally 
occurring or the result of coal cleaning.  The other approach is to remove the sulfur compounds 
from the flue gas before the gas is discharged to the atmosphere. These post-combustion 
processes are collectively called “flue gas desulfurization” or “FGD” systems. All FGD systems 
can be further classified as wet or dry flue gas scrubbing systems. A third control approach 
available for those coal-fired electric utility boilers using a fluidized-bed combustor is to burn the 
coal together with limestone. An FBC can be characterized as a boiler type with inherently lower 
SO2 emissions. In this report, however, combustion of coal in fluidized-bed with limestone is 
also considered to be an SO2 combustion control method. The SO2 control approaches include a 
number of different technology subcategories that are now commercially used in the United 
States, Europe, or Pacific Rim countries. 

Table 3-4 presents the 1999 nationwide distribution of SO2 controls used for coal-fired 
electric utility boilers by total number of units and by percentage of nationwide electricity 
generating capacity. For approximately one-third of the boilers, no SO2 controls were reported in 
the Part II EPA ICR data. The other two-thirds of the units reported using some type of control 
to meet the SO2 emission standards applicable to the unit. Pre-combustion control by burning a 
low-sulfur content coal was reported for approximately 40 percent of the boilers. Post-
combustion control devices for SO2 removal are used for approximately 20 percent of the boilers. 
Wet FGD systems are the most commonly used post-combustion control technique. The newer 
technologies of spray dryer systems or dry injection are limited in their application to existing 
units. The remaining 3 percent of the boilers use fluidized-bed combustion with limestone. 

3.5.1 Low-sulfur Coal 

A coal with sufficiently low sulfur content that when burned in the boiler meets the 
applicable SO2 emission standards without the use of additional controls is sometimes referred to 
as “compliance coal.”  Coals naturally low in sulfur content may be mined directly from the 
ground. Alternatively, the sulfur content of coal fired in the boiler may be lowered first by 
cleaning the coal or blending coals obtained from several sources. However, burning low-sulfur 
coal may not be a technically feasible or economically practical SO2 control alternative for all 
boilers. In some cases, a coal with the required sulfur content to meet the applicable standard 
may not be available or cannot be fired satisfactorily in a given boiler unit design. Even if such a 
coal is available, use of the low-sulfur coal that must be transported long distances from the mine 
may not be cost-competitive with burning higher sulfur coal supplied by closer mines and using a 
post-combustion control device. 

Various coal cleaning processes may be used to reduce the sulfur content of the coal. A 
significant portion of the pyritic sulfur minerals mixed with the mined coal can usually be 
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Table 3-4. Nationwide distribution of existing SO2 emissions controls used for 
coal-fired electric utility boilers for the year 1999 as reported in the Part II EPA 
ICR data (source:  Reference 6). 

Phase II EPA ICR Data 

SO2 Control Type 
Abbreviation 

Code 
Number 

of Boilers 

Percent of 
Nationwide 

Total Number 
of Units 

Percent of 
Nationwide 
Electricity 
Generating 

Capacity 

Burn low-sulfur coal 

(“compliance coal”) 
LSC 455 39.9 % 38.2 % 

Wet FGD system FGD 173 (a) 15.2 % 23.8 % 

Spray dryer system SDA 52 (b) 4.6% 3.4 % 

Fluidized-bed coal combustion 
with limestone (a) 

FBC 37 (c) 3.2% 1.1 % 

Dry injection DI 2 0.2 % < 0.1 % 

No controls reported (d) 421 36.9 % 33.5 % 

Nationwide Total 1,140 (e) 100 % 100 % 

(a) Includes one FBC boiler unit using a wet FGD system.

(b) Includes three FBC boilers using spray dryer systems.

(c) FBC boilers using no downstream post-combustion SO

2
 controls.


(d) Entry in ICR response indicated none or was left blank.

(e) Does not include the three IGCC units.
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removed by physical gravity separation or surface property (flotation) methods. However, 
physical coal cleaning methods are not effective for removing the organic sulfur bound in coal. 
Another method of reducing the overall sulfur content of the coal burned in a given boiler unit is 
to blend coals with different sulfur contents to meet a desired or target sulfur level. 

3.5.2 Fluidized-bed Combustion with Limestone 

One of the features of FBC boilers is the capability to control SO2 emissions during the 
combustion process. This is accomplished by adding finely crushed limestone to the fluidized 
bed. During combustion, calcination of the limestone (reduction to lime by subjecting to heat) 
occurs simultaneously with the oxidation of sulfur in the coal to form SO2. The SO2, in the 
presence of excess oxygen, reacts with the lime particles to form calcium sulfate. The sulfated 
lime particles are removed with the bottom ash or collected with the fly ash by a downstream PM 
control device. Fresh limestone is continuously fed to the bed to replace the reacted limestone. 

3.5.3 Wet FGD Systems 

The SO2 in flue gas can be removed by reacting the sulfur compounds with a solution of 
water and an alkaline chemical to form insoluble salts that are removed in the scrubber effluent. 
These processes are called “wet FGD systems” in this report. Most wet FGD systems for control 
of SO2 emissions from coal-fired electric utility boilers are based on using either limestone or 
lime as the alkaline source.  At some of these facilities, fly ash is mixed with the limestone or 
lime. Several other scrubber system designs (e.g., sodium carbonate, magnesium oxide, dual 
alkali) are also used by a small percentage of the total number of boilers. 

The basic wet limestone scrubbing process is simple and is the type most widely used for 
control of SO2 emissions from coal-fired electric utility boilers. Limestone sorbent is 
inexpensive and generally locally available throughout the United States. In a wet limestone 
scrubber, the flue gas containing SO2 is brought into contact with a limestone/water slurry. The 
SO2 is absorbed into the slurry and reacts with limestone to form an insoluble sludge. The 
sludge, mostly calcium sulfite hemihydrate and gypsum, is disposed of in a pond specifically 
constructed for the purpose or is recovered as a salable byproduct. 

The wet lime scrubber operates in a similar manner to the wet limestone scrubber. In a 
wet lime scrubber, flue gas containing SO2 is contacted with a hydrated lime/water slurry; the 
SO2 is absorbed into the slurry and reacts with hydrated lime to form an insoluble sludge. The 
hydrated lime provides greater alkalinity (higher pH) and reactivity than limestone. However, 
lime-scrubbing processes require appropriate disposal of large quantities of waste sludge. 

The SO2 removal efficiencies of existing wet limestone scrubbers range from 31 to 
97 percent, with an average of 78 percent. The SO2 removal efficiencies of existing wet lime 
scrubbers range from 30 to 95 percent. For both types of wet scrubbers, operating parameters 
affecting SO2 removal efficiency include liquid-to-gas ratio, pH of the scrubbing medium, and 
the ratio of calcium sorbent to SO2. Periodic maintenance is needed because of scaling, erosion, 
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and plugging problems. Recent advancements include the use of additives or design changes to 
promote SO2 absorption or to reduce scaling and precipitation problems. 

3.5.4 Spray Dryer Adsorber 

A spray dryer adsorber (sometimes referred to as wet-dry or semi-dry scrubbers) operates 
by the same principle as wet lime scrubbing, except that the flue gas is contacted with a fine mist 
of lime slurry instead of a bulk liquid (as in wet scrubbing). For the spray dryer absorber process, 
the combustion gas containing SO2 is contacted with fine spray droplets of hydrated lime slurry 
in a spray dryer vessel. This vessel is located downstream of the air heater outlet where the gas 
temperatures are in the range of 120 to 180 °C (250 to 350 °F). The SO2 is absorbed in the slurry 
and reacts with the hydrated lime reagent to form solid calcium sulfite and calcium sulfate as in a 
wet lime scrubber. The water is evaporated by the hot flue gas and forms dry, solid particles 
containing the reacted sulfur. These particles are entrained in the flue gas, along with fly ash, 
and are collected in a PM collection device. Most of the SO2 removal occurs in the spray dryer 
vessel itself, although some additional SO2 capture has also been observed in downstream 
particulate collection devices, especially fabric filters. This process produces dry reaction waste 
products for easy disposal. 

The primary operating parameters affecting SO2 removal are the calcium-reagent-to-
sulfur stoichiometric ratio and the approach to saturation in the spray dryer. To increase overall 
sorbent use, the solids collected in the spray dryer and the PM collection device may be recycled. 
The SO2 removal efficiencies of existing lime spray dryer systems range from 60 to 95 percent. 

3.5.5 Dry Injection 

For the dry injection process, dry powdered lime (or another suitable sorbent) is directly 
injected into the ductwork upstream of a PM control device. Some systems use spray 
humidification followed by dry injection. This dry process eliminates the slurry production and 
handling equipment required for wet scrubbers and spray dryers, and produces dry reaction waste 
products for easier disposal. The SO2 is adsorbed and reacts with the powdered sorbent.  The dry 
solids are entrained in the combustion gas stream, along with fly ash, and then collected by the 
PM control device. The SO2 removal efficiencies of existing dry injection systems range from 
40 to 60 percent. 

3.5.6 Circulating Fluidized-bed Adsorber 

In the circulating fluidized-bed adsorber (CFBA), the flue gas flows upward through a 
bed of sorbent particles to produce a fluid-like condition in the bed. This condition is obtained 
by adjusting gas flow rate sufficiently to support the particles, but not carry them out of the 
system. Characteristics of the bed are high heat and mass transfer, because of high mixing rates, 
and particle-to-gas contact. These conditions allow the CFBA’s bed of sorbent particles to 
remove a sorbate from the gas stream with high effectiveness. In a CFBA, material is withdrawn 
from the bed for treatment (such as desorption) then re-injected into the bed. Currently, CFBAs 
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are used with limestone and ash as sorbents for SO2 control, but they also have the capability to 
remove Hg from the flue gas. The SO2 removal ranges for CFBAs from 80 to 98 percent. 

3.6 NOx Emission Controls 

Control techniques used to reduce NOx formation include combustion and post-
combustion control measures. Combustion measures consist of operating and equipment 
modifications that reduce the peak temperature and excess air in the furnace. Post-combustion 
control involves converting the NOx in the flue gas to molecular nitrogen and water using either a 
process that requires a catalyst (selective catalytic reduction) or a process that does not use a 
catalyst (selective noncatalytic reduction). 

Table 3-5 presents the 1999 nationwide distribution of NOx controls used for coal-fired 
electric utility boilers by total number of units and by percentage of nationwide electricity 
generating capacity. Approximately one-third of the boilers do not use additional NOx controls. 
The other two-thirds of the units use additional controls to meet the applicable NOx standards. 
The predominant control NOx strategy is to use one or more combustion control techniques. 
Post-combustion NOx reduction technologies (both catalytic and noncatalytic) accounted for only 
a small percentage of the NOx emission controls used in 1999 (approximately three percent of the 
total units). However, a number of electric utilities are considering the addition of these types of 
controls to their coal-fired boilers to comply with new NOx emission control requirements. 

3.6.1 Combustion Controls 

A variety of combustion control practices can be used including low NOx burners, 
overfire air, off-stoichiometric firing, selective or biased burner firing, reburning, and 
burners-out-of-service. Control of NOX also can be achieved through staged combustion (also 
called air staging). With staged combustion, the primary combustion zone is fired with most of 
the air needed for complete combustion of the coal. The remaining air needed is introduced into 
the products of the partial combustion in a second combustion zone. Air staging lowers the peak 
flame temperature, thereby reducing thermal NOx, and reduces the production of fuel NOx by 
reducing the oxygen available for combination with the fuel nitrogen. Staged combustion may be 
achieved through methods that require modifying equipment or operating conditions so that a 
fuel-rich condition exists near the burners (e.g., using specially designed low-NOx burners, 
selectively removing burners from service, or diverting a portion of the combustion air). In 
cyclone boilers and some other wet bottom designs, combustion occurs with a molten ash layer 
and the combustion gases flow to the main furnace; this design precludes the use of low NOx 

burners and air staging.  Low-NOx burners may be used to lower NOx emissions by about 25 to 
55 percent. Use of overfire air (OFA) as a single NOx control technique reduces NOx by 15 to 
50 percent. When OFA is combined with low-NOx burners, reductions of up to 60 percent may 
result.  The actual NOx reduction achieved with a given combustion control technique may vary 
from boiler to boiler. 
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Table 3-5. Nationwide distribution of existing NOx emissions controls used for 
coal-fired electric utility boilers for the year 1999 as reported in the Part II EPA 
ICR data (source:  Reference 6). 

Phase II EPA ICR Data 

NO x Control Type 
Abbreviation 

Code Nationwide 
Number 

of 
Boilers 

Nationwide 
Percentage 

of 
Boilers 

Percent of 
Nationwide 
Electricity 
Generating 

Capacity 

Combustion controls -
low-NO 

x 
burners 

CC-LNB 404 35.4 % 43.0 % 

Combustion controls -
low-NO 

x 
burners + overfire air 

CC-LNB/OFA 84 7.4 % 10.4 % 

Combustion controls ­
overfire air 

CC-OFA 79 6.9 % 10.6 % 

Other combustion controls (a) CC 83 7.3 % 5.6 % 

Selective noncatalytic reduction SNCR 32 2.8 % 0.6 % 

Selective catalytic reduction SCR 6 0.5 % 1.3 % 

No controls reported (b) 452 39.7% 28.5 % 

Nationwide Total 1,140 (c) 100 % 100 % 

(a) Combustion controls other than low-NO burners or overfire air. The controls include burners-out-of service,
x 

flue gas recirculation, off-stoichiometric firing, and fluidized-bed combustion. 
(b) Entry in ICR response indicated “none,” “not applicable,” or was left blank. 
(c) Does not include the three IGCC units. 
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 Just as the combustion air to the primary combustion zone can be reduced, part of the 
fuel may be diverted to create a secondary flame with fuel-rich conditions downstream of the 
primary combustion zone. This combustion technique is termed reburning and involves injecting 
10 to 20 percent of the fuel after the primary combustion zone and completing the combustion 
with overfire air. The fuel injected downstream may not necessarily be the same as that used in 
the primary combustion zone. In most applications of reburning, the primary fuel is coal and the 
reburn fuel is natural gas (methane). 

Other ways to reduce NOx formation by reducing peak flame temperature include using 
flue gas recirculation (FGR), reducing boiler load, injecting steam or water into the primary 
combustion zone, and increasing spacing between burners. By using FGR to return part of the 
flue gas to the primary combustion zone, the flame temperature and the concentration of oxygen 
in the primary combustion zone are reduced. 

Temperatures can also be reduced in the primary combustion zone by increasing the space 
between burners for greater heat transfer to heat-absorbing surfaces. Another combustion control 
technique involves reducing the boiler load. In this case, the formation of thermal NOx generally 
decreases directly with decreases in heat release rate; however, reducing the load may cause poor 
air and fuel mixing and increase CO and soot emissions. 

3.6.2 Selective Catalytic Reduction 

The selective catalytic reduction (SCR) process uses a catalyst with ammonia gas (NH3) 
to reduce the NO and NO2 in the flue gas to molecular nitrogen and water. The ammonia gas is 
diluted with air or steam, and this mixture is injected into the flue gas upstream of a metal 
catalyst bed (composed of vanadium, titanium, platinum, or zeolite). In the reactor, the reduction 
reactions occur at the catalyst surface. The SCR catalyst bed reactor is usually located between 
the economizer outlet and air heater inlet, where temperatures range from 230 to 400 °C (450 to 
750 °F). 

3.6.3 Selective Noncatalytic Reduction 

The selective noncatalytic reduction (SNCR) process is based on the same basic 
chemistry of reducing the NO and NO2 in the flue gas to molecular nitrogen and water but does 
not require the use of a catalyst to prompt these reactions. Instead, the reducing agent is injected 
into the flue gas stream at a point where the flue gas temperature is within a very specific 
temperature range. Currently, two SNCR processes are commercially available: the THERMAL 
DeNOx

7 and the NOxOUT7. The THERMAL DeNOx
7 uses ammonia gas as the reagent and 

requires the gas be injected where the flue gas temperature is in the range of 870 to 1090 °C 
(1,600 to 2,000 °F). Consequently, the ammonia gas is injected at a location upstream of the 
economizer. However, if the ammonia is injected above 1,090 °C (2,000 ºF), the ammonia will 
oxidize and form more NOx. Once the flue gas temperature drops below the optimum 
temperature range, the effectiveness of the process drops significantly. By adding hydrogen gas 
or other chemical enhancers, the reduction reactions can be sustained to temperatures down to 
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approximately 700 °C (1,300 °F). The NOxOUT7 is a similar process but uses an aqueous urea 
solution as the reagent in place of ammonia. 

Using nitrogen-based reagents requires operators of SNCR systems to closely monitor 
and control the rate of reagent injection. If injection rates are too high, NOx emissions may 
increase, and stack emissions of ammonia in the range of 10 to 50 ppm may also result. A 
portion (usually around 5 percent) of the NO reduction by SNCR systems results from 
transformation of NO to N2O, which is a global warming gas. 

3.7 Emission Control Configurations for Coal-fired Electric Utility Boilers 

Mercury can exist in several forms in the flue gas from a coal-fired electric utility boiler 
(discussed in Chapter 5). The distribution of these Hg forms in the flue gas stream can be altered 
when reagents for post-combustion pollutant control processes are introduced into the flue gas. 
Also, as will be discussed in Chapter 6, some of the existing post-combustion control devices 
already in use at coal-fired electric utility power plants to meet PM and SO2 emission standards 
also control Hg emissions with varying levels of effectiveness. Control measures can be 
implemented that may enhance the capture of Hg by these control devices. Other Hg control 
measures can be implemented in conjunction with control devices already in place at a given 
facility. Therefore, understanding which types of post-combustion control devices how electric 
utilities currently are implementing at their coal-fired power plants is useful when investigating 
potential Hg control measures for these facilities. 

Table 3-6 presents the 1999 nationwide distribution of post-combustion control device 
configurations used for coal-fired electric utility boilers. For approximately 70 percent of the 
boilers, the only control device used downstream of the furnace is an ESP.  If the unit is subject 
to SO2 and/or NOx emission limit standards, these units do burn low-sulfur coals to meet the SO2 

emission limit and use some type of NOx combustion controls to meet the NOx emission limit. 
Approximately 25 percent of the boilers use some combination of post-combustion control 
devices. The most common configuration used is an ESP with a downstream wet scrubber for 
SO2 control. Less than 2 percent of the units use a combination of PM, SO2, and NOx post-
combustion control devices. 
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Table 3-6. Nationwide distribution of post-combustion emission control 
configurations used for coal-fired electric utility boilers for the year 1999 as 
reported in the Part II EPA ICR data (source: Reference 6). 

Post-combustion 
Control Strategy 

Post-Combustion Emission Control Device Configuration 
Phase II EPA ICR Data 

PM control SO2 control NO x control 

E 
S 
P 

F 
F 

P 
S 

M 
C 

W 
S 

S 
D 
A 

D 
I 

S 
C 
R 

S 
N 
C 
R 

Number 
of boilers 

Percent of 
nationwide 

total number 

Post-combustion 
PM controls 

only 

4 791 69.4% 

4 80 7.0% 

4 4 6 0.5 % 

4 5 0.4 % 

4 4 4 0.4 % 

4 2 0.2 % 

4 2 (a) 0.2 % 

Post-combustion 
PM controls 

and 
SO2 controls 

4 4 133 11.7 % 

4 4 38 3.3% 

4 4 18 1.6 % 

4 4 13 1.1 % 

4 4 4 0.4 % 

4 4 3 0.2 % 

4 4 2 0.2 % 

4 4 4 1 0.1 % 

Post-combustion 
PM controls 

and 
NO x controls 

4 4 12 1.0 % 

4 4 11 0.9 % 

4 4 1 0.1 % 

Post-combustion 
PM controls, 
SO2 controls, 

and 
NO x controls 

4 4 4 6 0.5 % 

4 4 4 4 0.4 % 

4 4 4 2 0.2% 

4 4 4 1 0.1 % 

4 4 4 1 0.1 % 

Total 1,140 (b) 100 % 

(a) Units using hot-side ESP in series with a cold-side ESP.  Counted as Amultiple control device combination@ in Table 3-2. 
(b) Does not include the three IGCC units. 
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Chapter 4 
Measurement of Mercury 

4.1 Introduction 

Accurate measurements of the various forms of Hg present in flue gas from a coal-fired 
electric utility boiler are important: to characterize and determine facility and/or fuel-type 
absolute emissions, for understanding the behavior of Hg in combustion processes and 
combustion configurations, and to evaluate the removal efficiency of control technologies for Hg. 
A variety of measurement techniques, both manual and continuous monitoring, are available for 
measuring total Hg and select, speciated forms. It is the latter need and ability that is most 
critical to supporting the understanding of Hg behavior and its control. 

Because of the importance of these measurements, particularly speciated Hg 
measurements, research on Hg measurement techniques and performance is an integral 
component of the overall Hg control research strategy. The science of speciated Hg 
measurements from coal-fired electric utility boilers has only recently been investigated, with the 
majority of research on the subject occurring within the last 5 years. This research has examined 
the development and performance of both manual and continuous emission monitor 
measurements. Much of this work began with examining and understanding measurement 
performance under very controlled and simplistic conditions, primarily through the use of 
blended gases in a laboratory setting.  This afforded the ability to investigate specific 
measurement variables and issues individually. Based on this knowledge, experimentation 
expanded to pilot-scale combustion systems where gases/Hg species of interest could be doped 
into the combustion system, and measurement performance characterized. Though still 
simplistic, this approach results in a measurement environment that more closely represents real-
world measurement scenarios. Ultimately, investigations moved to pilot-scale coal combustion 
test units, and finally to full-scale, field applications. At each step, the measurement complexity 
increases. The complexities associated with the combustion of different coal types, relative 
amounts of coal combustion emissions (e.g., SOX, NOX, HCl, Cl2, PM), and pollution control 
device availability and configuration all have an impact on the ability to perform quality Hg 

1measurements. 

The purpose of this chapter is to provide an understanding of the principles, applications, 
and limitations of Hg measurement methodologies, particularly with respect to understanding 
and interpreting the Part III EPA ICR data.  This chapter also serves to introduce principles and 
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issues related to Hg CEMs and their use as a valuable research tool. The following sections 
provide a summary of the approaches and state-of-the art of manual and continuous emission 
measurement methods and issues associated with performing Hg measurements from coal-fired 
electric utility boilers. 

4.2 Manual Methods for Hg Measurements 

Manual methods are well established for measuring total Hg emissions from a variety of 
combustion sources. The EPA Method 101A2 and Method 29 3 were developed to measure total 
Hg emissions (particulate phase and gas phase) from combustion sources such as sewage sludge 
incinerators and municipal waste combustors. These reference methods were developed and 
used to support total Hg regulatory needs. A reference method for speciated Hg measurement 
does not exist, essentially because there are no regulations requiring speciated Hg emissions 
measurements. However, a valid, accepted methodology was needed to characterize the 
emissions from coal-fired electric utility power plants to better assess the contribution from this 
category as well as potential risk. The Ontario-Hydro Method 4 (called the OH Method in this 
report) presently is the method of choice for measuring Hg species in the flue gas from coal-fired 
electric utility plants. This method has been submitted to the American Society for Testing and 
Materials (ASTM) for acceptance as a standard reference method.1  The Hg emission data 
collected for the Part III EPA ICR were measured using the OH Method. 

Generally, all sampling trains consist of the same sampling components: a nozzle and 
probe operated isokinetically for extracting a representative sample from the stack or duct, a filter 
to collect particulate matter, and a liquid solution and/or reagent to capture gas-phase Hg. After 
sampling, the filter and sorption media are prepared and analyzed for Hg in a laboratory. 
Figure 4-1 shows a diagram of the sampling train used for the OH Method. 

Several of the manual methods, including the OH Method, being developed for speciated 
Hg measurements from combustion sources have been adapted/modified from accepted test 
methods for measuring total Hg. Measurement of total Hg is based on the concept that all forms 
of gaseous Hg can be captured with a strong oxidizing solution such as potassium permanganate. 
The speciation is accomplished relying on the solubility and insolubility of the gaseous Hg 
species. To speciate gaseous Hg into the oxidized Hg (Hg2+) and elemental Hg (Hg0) forms, 
multiple solutions/reagents are used. The Hg2+ form is considered to be readily soluble in 
aqueous solutions, while Hg0 is essentially insoluble.1  When the aqueous solutions are 
positioned immediately after the filter, the Hg2+ is captured and the Hg0 passes through to the 
oxidizing solution where it is then captured. These solutions are analyzed separately to 
determine the distribution of oxidized and Hg0 within the sampling train. Table 4-1 presents a 
comparison of the different manual test methods, their configuration, and the solutions used that 
have been investigated for measuring speciated Hg. 

The OH Method, along with the other test methods listed in Table 4-1, were thoroughly 
evaluated to determine their appropriateness for performing speciated Hg measurements from 
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Figure 4-1. Diagram of sampling train for Ontario-Hydro Method (source: 
Reference 4). 
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Table 4-1. Summary of selected manual test methods evaluated for measurement of Hg in combustion gases. 

Sampling Train Configuration 
Impinger Configuration 

(number of impingers - impinger set solution)Manual 
Test 

Method 
Front-half collection 

(PM and Hg
p
) 

Back-half collection 
(gaseous Hg) 

First Set Second Set Third Set 

Analytical 
Method 

EPA Method 29 glass fiber filter impinger solutions 2 
3
-H

2
O

2 
1 dry 2  H

2
SO

4
-KMnO

4 
CVAA b 

EPA Method 101A a glass fiber filter impinger solutions 3 
2
SO

4
-KMnO

4 
none used none used CVAA 

EPA Method 101B 
(draft) 

glass fiber filter impinger solutions 2 ater 1  HNO
3
-H

2
O

2 
2 

2
SO

4
-KMnO

4 
CVAA 

Ontario-Hydro Method glass fiber filter impinger solutions 3 l 1  HNO
3
-H

2
O

2 
3 

2
SO

4
-KMnO

4 
CVAA 

Tris-Buffer Method glass fiber filter impinger solutions 2 c 2 
2
SO

4
-KMnO

4 
none used CVAA 

MESA Method glass wool d sorbent beds 2 l-soda lime 2  iodated carbon none used CVAFS e 

HNO

H

deionized w H

KC H

tris solution H

KC
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a. Test method developed and validated by EPA for measuring Hg emissions from chlor-alkali plants.

b. CVAA = Cold-vapor atomic absorption.

c. Tris solution is tris(hydroxymethyl) aminomethane in a solution of ethylenediaminetetracetic acid in water. 

d. 	Glass wool is only used to trap particulate matter and prevent its carry-over to the sorbent beds. The glass fiber filter in the other test methods is used to 


collect and quantitate particulate matter.

e. CVAFS = Cold-vapor atomic fluorescence spectrometry.




coal-fired combustion sources.1  The University of North Dakota, Energy and Environmental 
Research Center (UND/EERC) performed a thorough, parametric evaluation of these methods 
under a variety of laboratory and pilot-scale test conditions, including the combustion of 
multiple, representative coal varieties. A detailed presentation of these tests and their results are 
contained in two comprehensive reports.1,5 

Initial experimental work focused on EPA Method 29. These results indicated that 
Method 29 exhibited speciation measurement biases under some conditions.1 The testing 
expanded to include the Mercury Speciation Adsorption (MESA) Method, Tris-Buffer Method, 
draft EPA Method 101B, and OH Method.1  Pilot-scale coal combustion experiments were then 
performed in conjunction with the dynamic spiking of Hg0 or mercuric chloride into the duct at 
various locations within the post-combustion facility. Samples by the respective methods were 
collected at sampling locations both upstream and downstream of particulate control systems. 
These tests were used to isolate the most appropriate methods for further, more definitive testing. 

It was during the initial dynamic Hg spiking tests that effects from fly ash on the quality 
of speciated measurements were observed. Speciated Hg measurements using the OH Method 
and Tris-Buffer Method where the gas sampling and dynamic spiking of Hg0 took place at the 
inlet and outlet of the PM control device indicated that significant oxidation of the Hg0 occurred 
as a result of reactivity with the coal fly ash (see Figures 4-2 and 4-3). 

The effects of PM on Hg speciation can be significant, particularly at sampling locations 
upstream of PM control devices. The flue gas upstream of a PM control device contains a high 
concentration of PM (relative to flue gas downstream of a PM control device). When sampling 
takes place upstream of a PM control device, the sampling train filter has the potential to collect 
a high loading of fly ash (due to the high concentration of PM in the flue gas). The speciated Hg 
measurement can be biased in two ways. The fly ash on the filter can adsorb gaseous Hg from 
the flue gas as it passes through the filter. Reactive fly ashes can also oxidize gaseous Hg0 

entering the filter. When adsorption and/or oxidation occur across the filter, they alter the 
distribution of total Hg and/or gaseous Hg measured. For example, if particles on the filter 
adsorb gaseous Hg, the filter will contain a greater amount of Hgp than if no adsorption had taken 
place; in this case, the sampling-train method will overestimate the amount of Hgp in the flue gas 
and underestimate the gaseous Hg, thus, the total distribution of Hg will be altered. 
Alternatively, fly ash on the filter can oxidize gaseous Hg0 to Hg2+ (without adsorption) 
overestimating the amount of Hg2+ in the flue gas. Thus, the distribution of gaseous Hg will be 
altered. The rates of these transformations are dependent on the properties of the coal and 
resulting fly ash, the amount of fly ash, the temperature, the flue gas composition, and the 
sampling duration. As a result, the magnitude of these biases varies significantly and cannot be 
uniformly assessed. It is for this reason, that ICR measurements performed at the inlet of PM 
control systems possess a large degree of uncertainty. A more detailed discussion of the 
implications of fly ash speciation biases on the ICR data is presented in Chapter 6. 

A final series of pilot-scale tests were conducted to more definitively evaluate the two 
most promising methods identified as a result of the initial dynamic spiking experiments 
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Figure 4-2.  Comparison of Hg speciation measured by manual test methods from 
UND/EERC pilot-scale evaluation tests firing Blacksville bituminous coal and 
sampling and spiking Hg0 at FF inlet (source: graph prepared using test data 
presented in Appendix B to Reference 1). 
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Figure 4-3.  Comparison of gaseous Hg speciation measured by manual test 
methods from UND/EERC pilot-scale evaluation tests firing Blacksville 
bituminous coal and sampling and spiking Hg0 at FF outlet (source: graph 
prepared using test data presented in Appendix B to Reference 1). 
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discussed above.1 Both Draft EPA Method 101B and the OH Method were selected for formal 
EPA Method 301 validation testing.  Method 301 is EPA’s accepted guidance for validation of 
source testing methodologies.6  For these validation tests, all sampling and dynamic spiking of 
Hg0 and HgCl2 into a flue gas stream were performed at the outlet of the high efficiency fabric 
filter (FF), while burning a blend of Ohio No. 5 and Ohio No. 6 coals.1  Validation testing was 
not performed at the PM control device inlet location. 

A summary of the Method 301 validation results is shown in Table 4-2. The tests 
verified that both the OH Method and the draft EPA Method 101B achieved acceptable 
performance as defined by Method 301.1 The precision of the OH Method for total gaseous Hg 
was determined to be less than 11 percent relative standard deviation (RSD) for Hg 
concentrations greater than 3 µg/Nm3 and less than 34 percent RSD for Hg concentrations less 
than 3 µg/Nm3. These values were within the acceptable range, based on the criteria established 
in EPA Method 301 (less than 50 percent RSD). In all cases, the laboratory bias for these tests 
based on a calculated correction factor was not statistically significant, though some oxidation 
(less than 15 percent) of the Hg0 spike was observed even when spiking and sampling was done 
at the outlet of the fabric filter. The draft EPA Method 101B also met Method 301 validation 
requirements, though it did not perform as well as the OH Method.1  As a result, the OH Method 
was selected as the most appropriate method for Hg speciation measurements in coal 
combustion gases.1 

Final approval by the ASTM of the OH Method as an international test procedure is still 
pending as of the date of this report. The OH Method, in its current draft form, is available from 
the EPA Office of Air Quality Planning and Standards (OAQPS) Emission Measurement Center 
(EMC).4  The draft version of the OH Method submitted to ASTM states that the method is 
applicable for sampling elemental, oxidized, and particle-bound Hg at the inlet and outlet of 
emission control devices and is suitable for measuring Hg concentrations ranging from 
approximately 0.5 to 100 µg/Nm3.4 Measurement sensitivity/detection levels can be extremely 
important where control technology performance is being determined in relatively low Hg coal 
content applications. 

In summary, while several manual methods for Hg speciating measurements exist, the 
OH Method is the most thoroughly examined and accepted of these methods, and has met EPA 
Method 301 validation requirements. Application to air pollution control device inlet locations 
should be considered with caution due to the known catalytic and sorptive effects of certain coal 
fly ash PM. These measurement artifacts do not affect the use of the OH Method for total Hg 
measurements. 

4.3 Continuous Emission Monitors for Hg Measurements 

Continuous emission monitors (CEMs) are preferable for multiple reasons to using 
manual methods for measuring Hg. A CEM is capable of providing a real-time or near-real-time 
response for Hg measurements. A CEM can be used to obtain continuous Hg measurements 
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Table 4-2. Results from EPA Method 301 evaluation tests for the Ontario-Hydro 
Method (sources: References 1 and 4). 

Total Vapor-Phase Hg Oxidized Hg Elemental Hg
Ontario-
Hydro 

Method a Mean b , 
µg/Nm 3 

Standard 
Deviation 

RSDc , 
% 

Mean b , 
µg/Nm 3 

Standard 
Deviation 

RSD, 
% 

Mean b , 
µg/Nm 3 

Standard 
Deviation 

RSD, 
% 

Baseline 23.35 2.05 8.79 21.24 2.13 10.02 2.11 0.65 30.69 

Hg0 Spike 
(15.0 µg/Nm 3) 

38.89 2.00 5.13 23.32 2.08 8.94 15.57 1.09 6.97 

HgCl
2
 Spike 

(19.9 µg/Nm 3) 
42.88 2.67 6.23 40.22 2.87 7.14 2.66 0.89 33.31 

a. The correction factor in all cases was not statistically significant and is not shown. 
b. For each mean result, there were 12 replicate samples (four quad trains). 
c. RSD = Relative standard deviation. 
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over long periods in time. Conversely, manual methods are capable of only infrequent 
“snapshot” Hg measurements over time. As a result, CEMs are able to distinguish the magnitude 
and duration of short-term emission characteristics as well as perform long-term emission 
measurements to truly characterize a process’s temporal emissions. Again, manual methods are 
not capable of performing these functions. It is for these reasons that Hg CEMs are extremely 
valuable tools supporting the understanding and control of Hg emissions from coal-fired electric 
utility power plants. This section discusses the state-of-the-art of using CEMs for Hg 
measurements and the associated measurement issues. 

In general, Hg CEMs are a relatively new and yet unproven technology.  Although CEMs 
that measure total Hg only are used to support regulatory applications in several European 
countries, the use of these CEMs is limited. Several total Hg CEMs are available commercially 
and are primarily of European origin.7, 8 In the  United States., Hg CEMs have been limited to 
research applications with respect to coal-fired combustion emissions monitoring. As with the 
manual methods, CEMs capable of Hg speciation measurement are of the most value to 
supporting research on the characterization and control of Hg emissions from coal-fired electric 
utility boilers. The speciating Hg CEMs currently available should be considered prototypes. 

The CEMs being developed for measuring Hg are similar to most other types of CEMs 
used for combustion processes in that the combustion gas sample typically must be extracted 
from the stack and then transferred to the analyzer for detection. However, continuous Hg 
monitoring is complicated by the fact that Hg exists in different forms (i.e., Hg0, Hg2+, and Hgp) 
and that quantitative transport of all these forms is difficult. 

Typically, Hg CEMs measure (i.e., detect) only Hg0. These CEMs measure total Hg 
through the use of a conversion system that converts (reduces) the gaseous non-elemental or Hg2+ 

forms to Hg0 for detection. Mercuric chloride is considered to be the primary oxidized form of 
Hg, though recent research suggests that other oxidized forms of Hg do indeed exist.9,10 

Although particulate-bound Hg can also be reduced to the gaseous elemental form, particulate 
sample delivery issues make this impractical. As a result, for most commercially available 
CEMs, the total Hg measured is in fact total gaseous Hg (TGM). 

The conversion of gaseous, non-Hg0 is commonly accomplished using a liquid reducing 
agent (e.g., stannous chloride). This technique is least preferable, though more established. The 
use of wet chemical reagents is considered to be a limitation to Hg CEM use.  The wet chemicals 
typically possess corrosive properties and require frequent replenishment. The spent reagents 
may possess hazardous properties that result in waste disposal concerns. In addition, the 

11reducing ability of reagents such as stannous chloride can be affected by high levels of SO2. 

In addition to the more established wet chemistry conversion methods, dry conversion 
methods are also available. These techniques use high temperature catalysts or thermal reduction 
units to not only convert non-Hg0, but also condition the sample for analysis by removing 
selective interferants. This approach does much to minimize the size of the conversion system as 
well as maintenance requirements. However, these systems have not been well characterized for 
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coal combustion gas Hg measurement applications. 

Because the particulate form is difficult to transfer and is also often a measurement 
interferant, the particulate is typically filtered out and Hgp remains unmeasured. This could 
potentially impart a negative bias to the total Hg measurements. This bias could be further 
amplified as certain types of particulate may actually capture gas-phase Hg. This may not be a 
significant issue for sources where Hgp is not present in appreciable quantities, but may be a 
significant issue for high particulate-emitting sources (e.g., sources with minimal PM control) or 
in cases where the Hg measurements are conducted upstream of PM control devices. Therefore, 
the capability of a CEM to measure Hgp is important and should not be ignored. 

Similarly, there are known complications with the quantitative transfer of mercuric 
chloride.9  Mercuric chloride (HgCl2) is water soluble and reactive with many surfaces. Losses 
due to adsorption are the major concern. As a result, recent emphasis has been placed on 
locating the non-Hg0 conversion systems as close as possible to the source so that the elemental 
form is transferred from the source to the detection unit instead of transporting the oxidized 
forms long distances. 

In general, Hg CEMs can be distinguished by their Hg measurement detection principle. 
Detection systems include: cold-vapor atomic absorption spectrometry (CVAAS); cold-vapor 
atomic fluorescence spectrometry (CVAFS); in-situ ultraviolet differential optical absorption 
spectroscopy (UVDOAS); and atomic emission spectrometry (AES).1,7,8,9 

The majority of Hg CEM systems employ CVAAS or CVAFS as the detection technique. 
These detection techniques are susceptible to measurement interferences resulting from the 
presence of common combustion process emissions. Gases such as NOX, SO2, HCl, and Cl2 can 
act as measurement interferants as well as degrade the performance of concentrating devices 
(e.g., gold amalgams). As such, conditioning systems and/or techniques that remove or negate 
the effects of these interfering gases prior to sample delivery to the detector are required. The 
SO2 is a major spectral interferant with most CVAA detection systems. The effects of SO2 are 
commonly negated through the use of a gold trap. The sample gas is directed through a gold 
trap, where the Hg amalgams with the gold surface. Once the trap is loaded, it is heated and 
flushed with a SO2-free carrier gas to the detector. The trapping also serves to improve 
measurement sensitivity by concentrating the sample. A trapping device is required of CVAFS 
systems to achieve optimum sensitivity; not because of the concentrating aspect, but because the 
carrier gas will enable maximum sensitivity. Oxygen and nitrogen have spectral quenching 
effects that suppress measurement sensitivity. Conditioning of the sample gas prior to reaching 
the gold trap is often required. HCl and NOX in combination can poison the gold surface, 
preventing amalgamation with the Hg. Removal of both or either of these constituents is 
required. 

An alternative to the Hg0 measurement approach is AES. With this technique, the Hg is 
ionized by a high-energy source (e.g., plasma) and the emission energy detected. The advantage 
to this technique is that all forms of Hg, including particulate-bound Hg, are capable of being 
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ionized and detected. Although this technology is not quite as developed, another major 
advantage of AES is that the ionization source and detector can be located directly at the source, 
avoiding sample delivery issues. In addition, AES is not as susceptible to spectral interferences 
from common flue gas constituents. 

Speciated Hg measurements are important to characterize combustion process emissions 
and evaluate Hg control strategies. While there are no commercially available CEMs that 
directly measure the various speciated forms of Hg, several total gaseous Hg CEMs, both 
commercial and prototype, have been enhanced to indirectly measure speciated Hg (the elemental 
and oxidized forms) by determining the difference between Hg0 and total gaseous Hg. This 
difference is recognized as the oxidized form. Separate Hg measurements are made before and 
after the conversion step in order to calculate the oxidized form. This indirect speciation method 
is referred to as “speciation by difference.” Based on the current understanding that the oxidized 
species of primary interest is mercuric chloride and that mercuric chloride is the dominant form 
of oxidized Hg present, the “speciation by difference” technique is considered an acceptable 
approach to obtaining speciated Hg measurements. 

A key to performing the speciated Hg measurement is being able to perform reliable Hg0 

measurements. The Hg2+ must be removed without adding to the true amount of Hg0 in the 
sampled gas stream. This is often accomplished using a liquid reagent to remove the water-
soluble Hg2+. These reagents also may serve to neutralize the effects of measurement 
interferants. The greatest concern is the reliability of the speciated Hg measurement. 
Measurement artifacts exist that bias the speciation, primarily by over-reporting the level of the 
oxidized species. The largest cause of this bias comes from the reactivity of certain types of PM 
(as discussed in Section 4.2). The PM may possess catalytic properties whereby, at the 
conditions of Hg CEM PM filtering environments, Hg0 can be oxidized across the PM surface. 
This is not an issue from a TGM measurement standpoint (unless transport of oxidized Hg is an 
issue). However, it may have major implications when measuring Hg in gas streams possessing 
high PM loadings. This bias is minimized in low PM loading gas streams, consistent with Hg 
measurements downstream of PM control devices. Another potentially significant source of 
speciated Hg measurement bias takes place in the liquid phase. In combustion gases where Cl2 is 
present, under certain conditions the Cl2 may react in the liquid phase to oxidize Hg0.12  There is 
evidence that this problem can be mitigated. 

As stated previously, the current, primary application of Hg CEMs is as a research 
tool/process monitor. Speciating Hg CEMs are integral to the DOE/EPA/EPRI Hg control 
technology development and evaluation research program. These Hg CEMs are used to 
characterize existing Hg emissions and distributions, including control technology performance. 
More importantly, these speciating Hg CEMs are used to better understand and optimize 
potential Hg control technologies so that absolute emissions can be established through OH 
sampling.  Ultimately, it is desired to accept the quality and performance of Hg CEMs and 
measurements data so as to replace the reliance on OH measurements. Several pilot-scale and 
field tests have been performed specifically to evaluate and determine the measurement 
performance of both total and speciating Hg CEMs. 
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Several tests have been conducted specifically to evaluate total Hg CEMs as a compliance 
assurance tool. The first such test, sponsored by the EPA Office of Solid Waste (OSW), 
evaluated the performance of three Hg CEMs to measure total Hg emissions from a cement kiln 
that burned hazardous waste as a fuel.13  Measurement performance was evaluated following the 
proposed “Performance Specification 12 -- Specifications and Test Procedures for Total 
Mercury Continuous Monitoring Systems in Stationary Sources” (PS-12).14  At the time, this was 
a relatively new test procedure and had yet to be implemented. In fact, the guidance called for 
Hg0 and HgCl2 gas standards that had yet to be developed and proven. The tests were only 
marginally successful. None of the Hg CEMs tested met the performance test requirements. 
Based on the test results, the EPA/OSW concluded that Hg CEMs should not be considered as a 
compliance tool for hazardous waste combustors.13  In retrospect, the harshness of the cement 
kiln’s exhaust gas stream was concluded as a major cause of the test program’s lack of 
success.8,13  The cement kiln chosen for the EPA/OSW Hg CEM testing was not equipped with 
acid gas controls and had relatively high PM loading, resulting in severe interferences and 
operational difficulties for the CEMs. 

The DOE Mixed Waste Focus Area (MWFA) has sponsored several tests determining the 
measurement performance of a single total Hg CEM under hazardous waste incineration 
conditions.15,16  Measurement performance was also evaluated following PS 12. These tests 
demonstrated not only Hg CEM performance, but also that additional elements of the PS 12 test 
procedures could be implemented. A prototype Hg0 compressed gas standard was used for the 
first time. While these tests have been relatively successful, they are still limited in scope and 
application. 

The EPA’s Environmental Technology Verification (ETV) Program, in collaboration 
with the NRMRL, has completed testing of four commercially available Hg CEMs from three 
vendors using the unique capabilities of NRMRL’s pilot-scale combustion test facility. These 
tests examined the measurement performance of both total and speciated Hg CEMs under two 
distinct and diverse combustion conditions. Coal and chlorinated waste combustion conditions 
were simulated. These verification tests used PS 12 as guidance, but also considered specific 
measurement issues of interest and innovative approaches that better examined these issues. The 
pilot-scale tests were unique in that specific measurement issues were investigated as variables. 
The pilot-scale combustion facility enabled independent control of Hg concentration and species. 
As a result, the total Hg measurement could be challenged by the distribution of oxidized and 
Hg0. Interference flue gas constituents were also independently examined. The ETV testing 
made use of several new quality assurance and quality control (QA/QC) tools. Newly developed 
Hg0 compressed gas standards were used to determine Hg CEM calibration drift and system bias. 
As a result, not only were Hg CEMs evaluated, but also improved techniques for evaluating Hg 
CEMs were demonstrated. Performance data for the participating Hg CEMs are not yet 
available. 

The UND/EERC has evaluated the performance of Hg CEMs during field tests at eight 
different coal-fired electric utility power plants representing facilities that burn lignite, 
subbituminous coal, or bituminous coal.11,17  A variety of air pollution control devices and 
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configurations were encountered, including ESPs, FFs, wet FGD scrubbers, spray dryer 
absorbers, and venturi scrubbers. For these tests, the Hg CEMs evaluated demonstrated the 
ability to measure total gaseous Hg within +20 percent of the OH Method measurements. The 
field-testing also examined the measurement performance of several Hg CEMs at low stack Hg 
emissions levels. These tests demonstrated a distinct advantage of the AF-based systems over 
the AA-based system (see Figure 4-4). Below concentrations of 5 µg/m3, the AA-based systems 
exhibited higher signal to noise ratios. At these concentrations, the AF-based systems are a 
better choice. 

The EPA/OAQPS/EMC has recently initiated a study to determine the measurement 
performance of two commercially available total Hg CEMs at a coal-fired electric utility power 
plant. Measurements of performance will be recorded to determine potential monitoring 
applications based on measurement performance achieved. Data from this study, and future 
studies of Hg CEM measurement performance at additional source categories, should aid in the 
future crafting of a performance specification for application of total Hg CEMs to a variety of 
different Hg emission source categories. 

Performance testing of Hg CEMs has focused primarily on total Hg CEMs; total Hg 
CEMs are the most widely available commercially. However, with respect to the development 
and evaluation of Hg control technologies for coal-fired electric utility power plants, the most 
urgent need is for a speciating Hg monitor. As stated previously, the primary use of speciating 
Hg CEMs is as a research tool though application as a process monitor is also appealing.  Of 
those speciating Hg CEMs in use, most are commercially available total or Hg0 CEMs modified 
for use as a speciating Hg CEM. Very few speciating Hg CEMs are available commercially. 
The major distinction among speciating Hg CEMs is not the analyzer or detection principle, but 
the approach for managing potential interferants and method for converting oxidized forms of Hg 
to the detectable, elemental form. 

Performance testing of speciating Hg CEMs to support Hg control technology research 
has also been performed under pilot- and field-scale operations and research continues in this 
area. Work performed by the UND/EERC has also focused on the research and development of 
speciating Hg CEMs, particularly the development and evaluation of pretreatment/conversion 
systems that can be used with multiple, commercially available Hg CEMs. The EERC has used 
speciating Hg CEMs to support field measurement activities in conjunction with OH Method 
measurements. Figure 4-5 compares the measurement performance of several speciating Hg 
CEMs to OH Method measurements made during testing at a coal-fired electric utility power 
plant. 

A key to assessing measurement performance and validating measurement data quality is 
the development Quality Assurance/Quality Control (QA/QC) tools such as elemental and 
oxidized Hg gas standards. The tools are needed for instrument calibration, continuing 
calibration or drift checks, and system bias checks. The EPA/ORD has been active in the 
development of both elemental and HgCl2 gas standards. A commercial compressed gas standard 
for Hg0 has been evaluated for stability and accuracy. While the stability of the Hg0 compressed 
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Figure 4-4.  Comparison of total Hg results for CEMs at low Hg levels. 

(Reprinted from "State-of-the-Art of Mercury Continuous Emission Monitors for Coal-Fired Systems." 
Conference on Air Quality II Mercury, Trace Elements, and Particulate Matter, McLean, VA, September 
2000, by D. L. Laudal and N. B. French, with permission of the University of North Dakota Energy & 
Environmental Research Center as copyright owner.) 
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Figure 4-5.  Comparison of Hg speciation results for CEMs at low Hg levels. 

(Reprinted from "State-of-the-Art of Mercury Continuous Emission Monitors for Coal-Fired Systems." 
Conference on Air Quality II Mercury, Trace Elements, and Particulate Matter, McLean, VA, September 
2000, by D. L. Laudal and N. B. French, with permission of the University of North Dakota Energy & 
Environmental Research Center as copyright owner.) 
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gas standard has been confirmed, techniques for establishing the standard’s true concentration 
have not. As a result, quantitative use of the standard is limited. Similarly, acceptance of a 
HgCl2 standard is valuable: this standard is used to assess Hg conversion system effectiveness as 
well as overall sampling system delivery efficiency and reactivity, parameters not challenged by 
an Hg0 gas standard. This is particularly relevant in measurement applications where oxidized 
Hg may be the predominant Hg form present. Moreover, several Hg CEMs vendors have 
developed QA/QC capabilities to perform their own instrument calibration drift and system bias 
checks from internal Hg0 gas sources. These capabilities are needed for routine daily operational 
performance verification. 

In summary, Hg CEMs are currently the tool of choice for evaluating the performance of 
candidate Hg control technologies. As different control technologies are evaluated, the 
associated measurement issues are encountered and addressed. Measurement issues are primarily 
associated with the oxidized Hg conversion systems as well as particulate bias effects, 
particularly at pollution control device inlet measurement locations. Both wet chemistry and dry 
conversion/conditioning systems are used to support these control technology research programs. 
It is the conversion/conditioning system that requires the most attention during operation of Hg 
CEM systems. It is also this frequent need for attention that limits their application to short 
measurement intervals. As a result, consideration as a compliance assurance tool is hindered. 
Clearly, in order to function as a dedicated process monitor and/or compliance tool, additional 
research is needed to develop and/or evaluate more reliable and less labor intensive Hg 
conversion/sample conditioning systems. These objectives are likely to be furthered as a result 
of control technology demonstration and evaluation activities. 

4.4 Summary, Conclusions, and Recommendations 

Valid and reliable Hg measurements, by either manual methods or using CEMs, are 
critical to the characterization and future reduction of Hg emissions from coal-fired electric 
utility power plants. Although these measurement techniques are tools that support a larger 
research objective, the quality, applicability, and specificity of these measurements directly 
impact the ability to conduct Hg emission control research. Measurement techniques that 
determine both the Hg2+ and Hg0 gaseous forms of Hg are preferred over those techniques that 
can measure only total gaseous Hg. Conversely, speciated Hg measurement techniques are more 
complex and more susceptible to measurement biases. Although viable measurement techniques 
exist and measurement performance has been demonstrated for certain measurement situations, 
acceptable measurement techniques are not available to meet all measurement needs. Additional 
research and development is still needed to enable quality measurements from all necessary 
measurement environments. 

The OH Method is the only manual method that is currently recognized in the United 
States for speciated Hg measurements in coal combustion gases. The OH Method appears to 
provide valid speciation results at sampling locations downstream of PM control devices in 
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which most of the fly ash has been removed from the gas stream. However, measurements made 
upstream of PM control devices are susceptible to measurement artifacts that bias the 
measurements of the different Hg species causing potential uncertainty in results. However, 
these artifacts do not affect the measurement of total Hg. 

A limited number of both private prototype and commercial Hg CEMs are available for 
the measurement of total gas-phase Hg and to a lesser extent, speciated gas-phase Hg. Because 
of the diversity and severity of associated measurement environments, numerous measurement 
obstacles exist (e.g., PM artifacts, interferences, conversion systems, sample 
conditioning/delivery) that have not been adequately addressed, particularly with respect to 
speciated measurements. While Hg CEMs are used being used as a tool by researchers, these 
devices are not yet suitable for routine Hg monitoring applications at coal-fired electric utility 
power plants. As a research tool, Hg CEMs are suitable for short-term measurement needs. 
However, the technology has not advanced to the extent that acceptable, long-term measurement 
performance has been demonstrated. This must be accomplished for Hg CEMs to be considered 
suitable for any purpose beyond use as a research tool. The primary obstacle is the lack of 
sample conditioning/conversion systems suitable for long-term, minimal attention operation. 

Improved methods for the sampling and analysis are critical to support the development 
of Hg emission control technologies, for use for Hg monitoring and control (process control), and 
for potential use as compliance tools. Specifically, research is needed to: 

1.	 Develop improved sample conditioning/conversion systems (particularly dry, non-wet 
chemical) capable of long-term, minimal maintenance, operation, 

2.	 Develop and demonstrate improved Hg CEM measurement techniques that address 
known and potential measurement obstacles (e.g., PM artifacts, interferences/biases, 
conversion systems, sample conditioning/delivery), 

3.	 Develop accepted QA/QC tools (e.g., elemental and oxidized Hg gas standards) for 
validating instrument performance and data quality, 

4.	 Develop and verify a manual test method suitable for measuring total and speciated 
Hg at sampling locations upstream of PM control devices, 

5.	 Develop and verify a manual test method (e.g., modified OH Method) that can 
simultaneously measure speciated Hg and other trace metals, 

6.	 Develop and demonstrate measurement techniques that are capable of directly 
identifying and quantifying trace levels of individual ionic species of Hg [e.g., HgCl2, 
HgCl, HgS, HgSO4, Hg (NO3) 2], 
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7.	 Verify the ability of Hg CEMs to accurately measure total gas-phase Hg and speciated 
gas-phase Hg at diverse stack conditions representative of fuel type and pollution 
control device configurations (e.g., downstream of PM control devices and wet FGD 
scrubbers), 

8.	 Verify the ability of Hg CEMs to accurately measure total gas-phase Hg and speciated 
gas-phase Hg at measurement locations upstream of PM control devices, 

9.	 Demonstrate Hg CEM long-term monitoring performance, including operational 
requirements, 

10. Identify and evaluate alternative, cost-effective semi-continuous methods for 
measuring the stack emission of total Hg, and 

11. Demonstrate the use of Hg CEMs and semi-continuous monitoring methods as 
potential Hg emission compliance tools. 
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Chapter 5 
Mercury Speciation and Capture 

5.1 Introduction 

The source of Hg emissions from coal-fired electric utility boilers is the Hg that naturally 
exists in coal and is released during the combustion process. As discussed in Chapter 2, the Hg 
content of a coal varies by coal type and where it is mined. When the coal is burned in an 
electric utility boiler, most of the Hg bound in the coal is released into the combustion product 
gases. This chapter provides an introduction to Hg chemistry and behavior of Hg as it leaves the 
combustion zone of the furnace and passes in the flue gas through the downstream boiler 
sections, air heater, and air pollution control devices. Recent research on Hg chemistry in coal-
fired electric utility boiler flue gas is summarized. 

5.2 General Behavior of Mercury in Coal-fired Electric Utility Boilers 

The majority of Hg in coal exists as sulfur-bound compounds and compounds associated 
with the organic fraction in coal. Small amounts of elemental Hg may also be present in the 
coal. Figure 5-1 presents a simplified schematic of the coal combustion process. The primary 
products of coal combustion are carbon dioxide (CO2) and water (H2O). In addition, as 
discussed in Chapter 3, significant quantities of the pollutants sulfur dioxide (SO2) and nitrogen 
oxides (NOX) are also formed. When the coal is burned in an electric utility boiler, the resulting 
high combustion temperatures in the vicinity of 1,500 °C (2,700 °F) vaporize the Hg in the coal 
to form gaseous elemental Hg. Subsequent cooling of the combustion gases and interaction of 
the gaseous elemental Hg with other combustion products result in a portion of the Hg being 
converted to other forms. 

There are three basic forms of Hg in the flue gas from a coal-fired electric utility boiler: 
(1) elemental Hg (represented by the symbol Hg0 in this report); (2) compounds of oxidized Hg 
(collectively represented by the symbol Hg2+ in this report); and (3) particle-bound mercury 
(represented by the symbol Hgp in this report). Oxidized mercury compounds in the flue gas 
from a coal-fired electric utility boiler may include mercury chloride (HgCl2), mercury oxide 
(HgO), and mercury sulfate (HgSO4). Some researchers refer to oxidized mercury compounds 
collectively as ionic mercury. This is because, while oxidized mercury compounds may not exist 
as mercuric ions in the boiler flue gas, these compounds are measured as ionic mercury by the 
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Figure 5-1. Mercury species distribution in coal-fired electric utility boiler flue 
gas. 
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speciation test method used to measure oxidized Hg (discussed in Chapter 4). Similarly, 
particle-bound Hg is referred to as particulate mercury by some researchers. The term particle-
bound mercury is the preferred and is used in this report to emphasize that the mercury is bound 
to a solid particle. 

The term speciation is used to denote the relative amounts of these three forms of Hg in 
the flue gas of the boiler. At present, speciation of Hg in the flue gas from a coal-fired electric 
utility is not well understood. A number of laboratory and field studies have been conducted, or 
are ongoing, to improve the understanding of the transformation of Hg0 to the other Hg forms in 
the flue gas downstream of the boiler furnace. Data obtained to date indicate that combinations 
of site-specific factors affect the speciation of Hg in the flue gas. These factors include: 

•  Type and properties of the coal burned. 
•  Combustion conditions in the boiler furnace. 
•  Boiler flue gas temperature profile. 
•  Boiler flue gas composition. 
•  Boiler fly ash properties. 
•  Post-combustion flue gas cleaning technologies used. 

The current understanding of the mechanisms by which Hg0 transforms to Hg2+ and Hgp 

in the flue gas from coal-fired electric utility boilers is discussed in subsequent sections of this 
chapter. It is important to understand how Hg speciates in the boiler flue gas because the overall 
effectiveness of different control strategies for capturing Hg often depends on the concentrations 
of the different forms of Hg present in the boiler flue gas. This topic will be discussed in detail 
in Chapters 6 and 7. 

5.3 Speciation of Mercury 

As mentioned above, high temperatures generated by combustion in the boiler furnace 
vaporize Hg in the coal. The resulting gaseous Hg0 exiting the furnace combustion zone can 
undergo subsequent oxidation in the flue gas by several mechanisms. The predominant oxidized 
Hg species in boiler flue gases is believed to be HgCl2. Other possible oxidized species may 
include HgO, HgSO4, and mercuric nitrate monohydrate Hg(NO3)2•H2O. The potential 
mechanisms for oxidation of Hg0 in the boiler flue gas include: 

•  Gas-phase oxidation. 
•  Fly ash mediated oxidation. 
•  Oxidation by post-combustion NOx controls. 

Each of these oxidation mechanisms is discussed in the following sections. 
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5.3.1 Gas-phase Oxidation 

As mentioned above, Hg in coal is believed to completely vaporize and convert into 
gaseous Hg0 in the combustion zone of a boiler system. As gaseous Hg0 travels with the flue gas 
in the boiler, it can undergo gas-phase oxidation to form gaseous Hg2+, most of which is believed 
to be HgCl2.  Recent research 1 has speculated that the major gas-phase reaction pathway to form 
gaseous HgCl2 is the reaction of gaseous Hg0 with gaseous atomic chlorine (Cl). The latter is 
formed when chlorine in coal vaporizes during combustion. 

At the furnace exit, the temperature of the flue gas is typically in the vicinity of 1400 ºC 
(2552 ºF). The flue gas cools as it passes through the heat exchanging equipment in the post-
combustion region. At the outlet of the air heater (the last section of heat exchanging 
equipment), the temperature of the flue gas ranges from 127 to 327 °C (261 to 621ºF). Chemical 
equilibrium calculations predict that gas-phase oxidation of Hg0 to Hg2+ starts at about 677 ºC 
(1251 ºF) and is essentially complete by 427 ºC (801 ºF). Based on these results, Hg should exist 
entirely as Hg2+ downstream of the air heater. However, flue-gas measurements of Hg at air 
heater outlets indicate that gaseous Hg0 is still present at this location, and that Hg2+ ranges from 
5 to 95 percent of the gas-phase Hg. These data suggest that, due to kinetic limitations, the 
oxidation of Hg0 does not reach completion. 

As mentioned previously, gas-phase oxidation of Hg0 is believed to take place via 
reaction with gaseous Cl. At furnace flame temperatures, a major portion of the chlorine in the 
coal exists as gaseous chlorine atoms, but as gas cools in post-combustion, the chlorine atoms 
combine to form primarily hydrogen chloride (HCl) and minor amounts of molecular chlorine 
(Cl2). The rapid decrease in Cl concentration results in "quenched" Hg2+ concentrations 
corresponding to equilibrium values around 527 ºC (981 ºF). 

Figures 5-2 and 5-3 show predicted distributions of Hg species in coal-fired electric 
utility flue gas as a function of flue gas temperature.  The predicted distributions are based on 
equilibrium calculations of gas-phase oxidation of Hg0 in flue gas from the combustion of a 
bituminous coal 1 and a subbituminous coal 2, respectively.  Figure 5-2 shows that 80 percent of 
gaseous Hg0 is oxidized to HgCl2 by 527 ºC (981ºF). Figure 5-3 indicates no oxidation of Hg0 at 
or above 527 ºC (981ºF). As mentioned above, the gas-phase oxidation of Hg0 is believed to be 
kinetically limited, proceeding only to equilibrium levels around 527 ºC (981 ºF). 

The difference in the equilibrium oxidation levels at 527 °C (800 K) in Figures 5-2 and 
5-3 is attributed to the different chlorine levels in the model coals used in the calculations. The 
calculated data in Figure 5-2 are based on a bituminous coal with a relatively high chlorine 
concentration of several hundred parts per million by weight (ppmw). In contrast, the calculated 
data in Figure 5-3 are based on a typical western subbituminous coal with a relatively low 
chlorine content of 26 ppmw. Research indicates that coals with relatively high chlorine 
contents tend to produce more Hg2+ than coals with relatively low chlorine contents.3 
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Figure 5-2. Predicted distribution of Hg species at equilibrium, as a function of 
temperature for a starting composition corresponding to combustion of a 
bituminous coal (Pittsburgh) in air at a stoichiometric ratio of 1.2 (source: 
Reference 2). 
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Figure 5-3. Predicted distribution of Hg species at equilibrium, as a function of 
temperature for a starting composition corresponding to combustion of a 
subbituminous coal (Powder River Basin) in air at a stoichiometric ratio of 1.2 
(source: Reference 2). 
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In addition to being kinetically limited by Cl concentration, recent research conducted at 
EPA has found that gas-phase oxidation of Hg0 is also inhibited by the presence of SO2 and 
water vapor. 4  As shown in Figure 5-1, SO2 and water vapor are constituents in the flue gas from 
coal-fired electric utility boilers. Figure 5-4 shows results from bench-scale experiments 
examining the effects of SO2 and water vapor on the oxidation of gaseous Hg0

.  These 
experiments were carried out using a simulated flue gas containing a base composition of 40 
parts per million by volume (ppmv) Hg0, 5 mole % carbon dioxide (CO2), 2 mole % oxygen (O2), 
and a balance of nitrogen (N2); the temperature of the flue gas was 754 ºC (1,389 ºF). The 
effects of SO2, water vapor, and HCl were studied by adding these constituents to the base flue 
gas. HCl was added to the simulated flue gas at three concentrations typical of coal combustion 
flue gas (50, 100, and 200 ppmv); SO2 and water vapor were added with the HCl at 500 ppmv 
and 1.7 mole %, respectively. 

As shown in Figure 5-4, the oxidation of Hg0 was inhibited by the presence of SO2 and 
water vapor. HCl is not believed to react directly with Hg0 to cause its oxidation (a chlorinating 
agent such as atomic chlorine or Cl2 is needed). HCl may produce trace quantities of the 
chlorinating agent in the flue gas. It is speculated that SO2 and water vapor may inhibit gas-
phase oxidation of Hg0 by scavenging the chlorinating agent. 

In addition to experimental studies, research has also been reported on the development 
of a kinetic model that is used to better understand the reaction mechanism involved in gas-phase 
Hg oxidation. A detailed chemical kinetics model using a chemical mechanism consisting of 60 
reactions and 21 chemical species was developed recently to predict Hg speciation in combustion 
flue gas. 5  The speciation model accounts for the chlorination and oxidation of key flue gas 
components, including Hg0. The performance of the model is very sensitive to temperature.  For 
low reaction temperatures (< 630 ºC), the model produced only trace amounts of Cl and Cl2 from 
HCl, leading to a drastic under-prediction of Hg chlorination compared with experimental data. 
For higher reaction temperatures, model predictions were in good accord with experimental data. 
For conditions that produce an excess of Cl and Cl2 relative to Hg, chlorination of Hg is 
determined by the competing influences of the initiation step, Hg + Cl → HgCl, and the 
recombination reaction, 2Cl → Cl2. If the Cl recombination is faster, Hg chlorination will 
eventually be determined by the slower pathway Hg + Cl2 → HgCl2. 

Another attempt has been made to formulate an elementary reaction mechanism for gas-
phase Hg oxidation.6 The proposed eight-step Hg oxidation mechanism quantitatively describes 
the reported extents of Hg oxidation for broad ranges of HCl and temperature. In the proposed 
mechanism, Hg is oxidized by a Cl atom recycle process, and, therefore, the concentrations of 
both Cl and Cl2 are important. Once a pool of Cl atoms is established, Hg0 is first oxidized by Cl 
into HgCl, which, in turn, is oxidized by Cl2 into HgCl2. The second step regenerates Cl atoms. 
Since the concentrations of Hg species are small in coal combustion flue gases, independent 
reactions establish and sustain the pool of Cl atoms. The pool is governed by the chemistries of 
moist CO oxidation, Cl species transformations, and nitrogen oxide (NO) production. The model 
predictions show that O2 weakly promotes homogeneous Hg oxidation, whereas moisture is a 
strong inhibitor as it inhibits the decomposition of HCl to Cl2. NO was identified as an effective 
inhibitor for Hg0 oxidation through its effect on reducing the concentration of hydroxyl (OH) 

5-7




Figure 5-4. Effects of SO2 and water vapor on the gas-phase oxidation of Hg0 at 
754 °C and at three different HCl concentrations. 
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in the flue gas. The formation of HOCl from OH and Cl is essential for the oxidation of Hg, 
which oxidizes HgCl into HgCl2 and OH. The elimination of OH via OH+NO+M = HONO+M 
is believed to inhibit Hg0 oxidation. 

5.3.2 Fly Ash Mediated Oxidation 

In fabric filtration, flue gas penetrates a layer of fly ash as it passes through the filtering 
unit. The intimate contact between the flue gas and the fly ash on the filter provides an 
opportunity for the latter to oxidize some of the incoming gaseous Hg0. However, this 
phenomenon does not occur across ESPs because the flue gas does not pass through a collected 
layer of fly ash (see Chapter 3 for a description of the operation of FFs and ESPs). 

Certain fly ashes have been shown to promote oxidation of Hg0 across a FF more actively 
than others. For example, fly ashes from bituminous coals tend to oxidize Hg0 at higher rates 
than fly ashes from subbituminous coals and lignite. Differences in oxidation appear to be 
attributable to the composition of the fly ash, the presence of certain flue gas constituents, and 
the operating conditions of FFs. 

Bench-scale tests were conducted at EPA to investigate the effects of fly ash composition 
and flue gas parameters on the oxidation of gaseous Hg0.4,7  In these experiments, a simulated 
flue gas containing Hg0 (and other species) was passed through a fixed bed of simulated or actual 
coal fly ash, and oxidation of Hg0 was measured across the reactor. Experimental results 
indicated two possible reaction pathways for fly-ash-mediated oxidation of Hg0. One possible 
pathway is the oxidation of gaseous Hg0 by fly ash in the presence of HCl, and the other is the 
oxidation of gaseous Hg0 by fly ash in the presence of NOX. The research also reflected that the 
iron content of the ash appeared to play a key role in oxidation of Hg0. This EPA research is 
described in the ensuing paragraphs. 

Coal fly ash is a mixture of metal oxides found in both crystalline and amorphous forms. 
Glasses are common ash constituents, composed primarily of the oxides of silicon and aluminum 
(known as aluminosilicate glasses) that can contain a significant amount of cations such as iron, 
sodium, potassium, calcium, and magnesium. Iron oxide (in the form of magnetite or hematite) 
is also as commonly found in ash as calcium oxide and calcium sulfate. In the presence of 
sufficiently high flue-gas concentrations of HCl or Cl2, metallic oxides in fly ash may be 
converted to metal chlorides such as cuprous chloride (CuCl). Three-component model fly ashes 
were prepared by adding Fe2O3 or CuO at various weights to a base mixture of Al2O3 and SiO2. 
An additional three-component fly ash was prepared by adding CuCl to a base mixture of Al2O3 

and SiO2. Municipal waste combustion fly ashes contain significant amounts of copper 
compared to coal combustion fly ashes that contain only trace levels of copper. Model fly ashes 
were prepared and tested in order to understand the effect of differences in copper content on the 
oxidation of Hg0. Four-component fly ashes were prepared by adding various weights of CaO, 
and Fe2O3 or CuO to a base mixture of Al2O3 and SiO2. Actual coal fly ashes were obtained 
from the combustion of three different coals (two subbituminous and one bituminous) from a 
pilot-size, pulverized-coal-fired furnace. 
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Model flue gas compositions were simulated to represent the temperature and 
composition of coal-fired electric utility flue gas as it enters a FF. The temperature of coal 
combustion flue gas as it enters a FF typically ranges from 150 °C (302 °F) to 250 °C (482 °F). 
Potentially important flue gas species (in terms of Hg0 oxidation) include chlorine (primarily in 
the form of HCl at FF temperatures), NOX (primarily in the form of NO at FF temperatures), SO2, 
and water vapor. The base flue gas consisted of 40 ppbv Hg0, 2 mole % O2, 5 mole % CO2, and 
the balance N2 at a temperature of 250 °C (482 °F). HCl (50 ppmv), NO (200 ppmv), SO2 

(500 ppmv), and/or water vapor (1.7 mole %) were added to the base gas to determine their 
effect on oxidation. About 10 percent of NO2 (10 ppmv) was measured when 200 ppmv of NO 
was added to the base flue gas which contains 2 mole % of O2. The mixture of NO and NO2 in 
flue gas is referred to collectively as NOX. Table 5-1 shows the simulated and actual fly ashes 
and simulated flue gas tested. 

Oxidation Behavior of Model Fly Ashes. HCl and NOX were identified as the active 
components in flue gases for the oxidation of Hg0. NOX were more active than HCl. Cupric oxide 
(CuO) and ferric oxide (Fe2O3) were identified as the active components in model fly ashes for 
Hg0 oxidation. In the presence of NOX, inert components of model fly ashes such as alumina 
(A12O3) and silica (SiO2) appeared to become active in oxidation of Hg0. Steady-state oxidation 
of Hg0 promoted by the four-component model fly ashes (containing calcium oxide, CaO) was 
reached at much slower rates compared to those obtained using the three-component model fly 
ashes that contained no CaO (Figures 5-5 and 5-6). The partial removal of gas-phase HCl by 
CaO in the CaO-containing model fly ashes may have reduced the available chlorinating agent 
and resulted in slower oxidation of Hg0. 

Oxidation Behavior of Actual Coal Fly Ashes. As shown in Table 5-1, the Blacksville fly 
ash (derived from a bituminous coal) completely oxidized Hg0 in the presence of NO (base + 
NO), but showed little oxidation in the presence of HCl (base + HCl). 7  The Comanche fly ash 
(derived from a subbituminous coal) did not oxidize Hg0 in the presence of NO or HCl. The 
Absaloka coal (derived from a subbituminous coal) showed 30 to 35 percent oxidation of Hg0 in 
the presence of NO, but no oxidation in the presence of HCl. It is believed that the high 
reactivity of the Blacksville coal in NO is related to its relatively high Fe2O3 concentration (22 
percent); this observation is in agreement to that seen for the high iron (approximately 14 
percent) three- and four-component model fly ashes. 

More tests were conducted recently at EPA on actual fly ash samples with different coal 
ranks and iron contents in order to get a better understanding of the effects of iron in coal fly 
ashes on speciation of Hg. 8 It was observed that one subbituminous (3.7 percent iron) and three 
lignite coal fly ash (1.5 to 5.0 percent iron) samples tested with low iron content did not oxidize 
Hg0 in the presence of NO and HCl. However, a bituminous coal fly ash sample (Valmont 
Station) with a low iron content (2.3 percent iron) completely oxidized Hg0 in the presence of 
NO and HCl. It was also found that, upon adding Fe2O3 to the low iron content subbituminous 
and lignite fly ash samples to reach an iron content similar to that of the Blacksville sample, 
significant Hg0 oxidation reactivity was measured (33 to 40 percent oxidation of Hg0) for these 
iron-doped samples. 
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Figure 5-5. Hg0 oxidation in the presence of the three- and four-component model 
fly ashes containing iron at a bed temperature of 250 °C (source: Reference 4). 
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Figure 5-6. Hg0 oxidation in the presence of the three- and four-component model 
fly ashes containing copper at a bed temperature of 250 °C (source: Reference 4). 
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Table 5-1. Percent oxidation of Hg0 by simulated and actual coal-fired electric 
utility boiler fly ash (source: Reference 4). 

% Oxidation of Hg0 by fly ash 

Fly Ash Composition 
(by weight percentages) Base a Base 

+ HCl 

Base 
+ 

HCl, 
SO2 

Base 
+ 

HCl, 
SO2, 
H2O 

Base 
+ NO 

Base 
+ NO, 
SO2 

2-Component Model Fly Ash 

22% Al2O3 + 78% SiO2 

b 0 9 4 

5-Component Model Fly Ashes 

19% Al2O3, + 67% SiO2 + 14% Fe2O3 0 92 8 4 3 0 

22% Al2O3 + 77% SiO2 + 1% Fe2O3 67 43 37 48 26 

22% Al2O3 + 78% SiO2 + 0.1% Fe2O3 15 11 3 

22% Al2O3 + 77% SiO2  +  1%  CuO 93 9 4 0 6 

22% Al2O3 + 78% SiO2  +  0.1%  CuO 92 6 3 5 3 

22% Al2O3 + 72% SiO2 + 7% CaO 0 0 13 14 0.86 13 

22% Al2O3 + 78% SiO2 + 0.1% CuCl 87 77 23 

4-Component Model Fly Ashes 

21% Al2O3 + 71% SiO2, + 1% CuO + 7% CaO 91 82 43 

18% Al2O3, + 63% SiO2 + 13% Fe2O3  +  6%  CaO 87 3 9 

3

8 5 9 8

8 8 7 1

8 6 3

9 4

Actual Fly Ash Samples 

Blacksville coal fly ash (bituminous) 
22% Fe2O3, 6% CaO 

6 100 

Comanche coal fly ash (subbituminous) 
5% Fe2O3, 32% CaO 0 

Absaloka coal fly ash (subbituminous) 
4% Fe2O3, 24% CaO 

30-35 

0 

(a) 	Base gas consisted of 40 ppbv Hg0, 2 mole% O2, 5 mole% CO2, and balance N2 at a temperature of 523 K. 
HCl, NO, SO2, and water vapor were added to the base gas in the following concentrations 50 ppmv, 200 
ppmv, 200 ppmv, and 1.7 mole%, respectively. 

(b) Blank cells mean test not conducted. 
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The physical, chemical, and carbon properties of the Blacksville and Valmont samples 
were also characterized. It was found that the two fly ash samples have different unburned 
carbon contents (3.4 percent for Valmont and 16.8 percent for Blacksville). Based on this 
finding, it appears that iron content may not be the only ash-related factor that affects the Hg0 

oxidation reactivity of bituminous coal fly ashes. The effect of physical properties, such as 
surface area, and the effects of chemical properties, such as sodium content and alkalinity, in the 
fly ash may also determine the propensity of different fly ashes to oxidize Hg in flue gas. 

Research for obtaining a better understanding of the roles of NOX and Fe2O3 in the 
heterogeneous oxidation of Hg0 was reported recently by UND/EERC.9 In UND/EERC’s 
reported research, the effects of NOX and hematite (α-Fe2O3) on Hg transformations were studied 
by injecting them into actual coal combustion flue gases produced from burning bituminous 
(Blacksville), subbituminous (Absaloka), and lignite (Falkirk) coals in a 7-kW combustion 
system. It was found that the Blacksville fly ash has high Fe2O3 content (12.1 percent), and the 
Absaloka and Falkirk fly ashes have significantly lower Fe2O3 contents (4.5 and 7.9 percent, 
respectively). Portions of the Fe2O3 in Blacksville and Falkirk fly ashes are present as 
maghemite (γ-Fe2O3), and a portion of the Fe2O3 in Absaloka fly ash is present as hematite (α-
Fe2O3). The flue gas generated from the combustion of Blacksville coal contained Hg2+ as the 
predominant Hg species (77 percent), whereas Absoloka and Falkirk flue gases contained 
predominantly Hg0 (84 and 78 percent, respectively). Injections of NO2 (80 to 190 ppm) at 440 
to 880 ºC and α-Fe2O3 (6 and 15 percent) at 450 ºC into Absoloka and Falkirk coal combustion 
flue gases did not change Hg speciation. The UND/EERC researchers suggested that the lack of 
transformation from Hg0 to Hg2+ in the 7-kW combustion system was possibly due to 
components of either Absoloka and Falkirk coal combustion flue gases, or their fly ashes, 
inhibiting the α-Fe2O3 catalyzed heterogeneous oxidation of Hg0 by NOX. The researchers also 
believed that an abundance of Hg2+ in Blacksville coal combustion flue gas and γ-Fe2O3 in the 
corresponding fly ash, and the inertness of injected α-Fe2O3 with respect to heterogeneous Hg0 

oxidation in Absoloka and Falkirk flue gases, are indications that γ-Fe2O3 rather than α-Fe2O3 

catalyzes Hg2+ formation. 

A study of the role of fly ash in the speciation of Hg in coal combustion flue gases was 
reported by Iowa State University.10 In this study, bench-scale laboratory tests were performed 
in a simulated flue gas stream using two fly ash samples obtained from the ESPs of two full-
scale coal-fired electric utility boilers. One fly ash was derived from burning a western 
subbituminous coal (Powder River Basin) while the other was derived from an eastern 
bituminous coal (Blacksville). Each of the two samples was separated into three subsamples 
with particle sizes greater than 10, 3, and 1 µm using three cyclones. The amount of sample 
collected in these three size ranges was 85 to 90 percent, 10 to15 percent, and 1 percent of the 
total ash, respectively.  Only the two largest sized subsamples were tested for Hg0 oxidation 
reactivity.  The Blacksville sample was also separated into strongly magnetic (20 percent), 
weakly magnetic (34 percent), and nonmagnetic (46 percent) fractions using a hand magnet for 
testing Hg0 oxidation reactivity of the individual fractions. Since magnetism of the fly ash 
samples is contributed mainly by iron oxides in the samples, the iron oxide content of the 
magnetically separated samples is in the following order: strongly magnetic > weakly magnetic > 
nonmagnetic. The low iron content PRB fly ash is nonmagnetic and was not magnetically 
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separated for testing.  Scanning electron microscopy with energy-dispersive x-ray analysis 
(SEM-EDX) was used to examine the surface morphology and chemical composition of the fly 
ash samples. X-ray diffraction (XRD) was also used to examine the mineralogical composition 
of the whole and fractionated fly ash samples. XRD identifies only crystalline components of 
the samples. This is important since coal combustion fly ashes typically contain a considerably 
amount of glassy, amorphous material. 

It was observed that, although the fly ashes tested were chemically and mineralogically 
different, there were no large differences in the catalytic potential for oxidizing Hg0.10  The 
Blacksville fly ash tended to show somewhat more catalytic reactivity (16 to 19 percent Hg0 

oxidation) than the PRB fly ash (4 to 10 percent Hg0 oxidation). The researchers of this project 
suggested that the difference in reactivity could be due largely to the larger surface area (3.4 
m2/g) of the Blacksville fly ash compared to that (1.5 m2/g) of the PRB fly ash. It was found 
from the SEM-EDX analyses that the iron-rich (highly magnetic) phases in the greater than 10 
µm size fraction of the Blacksville sample contained about 25 percent (atomic) Fe, 10 percent 
each of Al and Si, 2 percent Ca, and lesser amounts of Na, S, K, and Ti. The nonmagnetic 
Blacksville fly ash fraction in the greater than 10 µm size range contained only 4 percent Fe, 10 
percent Al, 20 percent Si, and lesser amounts of Na, S, K, and Ti. For the PRB fly ash (all 
nonmagnetic), both the greater than 10 µm and greater than 3 µm fractions contained about 3 
percent Fe, 10- 20 percent Al and Si, about 10 percent Ca, and 2 percent or less of Mg, S, K, and 
Ti. The XRD results showed that the whole Blacksville ash contained primarily quartz (SiO2), 
mullite (3Al2O3•2SiO2), magnetite (Fe3O4), hematite (Fe2O3), and a trace of lime (CaO). The 
PRB fly ash contained mostly quartz and lesser amounts of lime, periclase (MgO), and calcium 
aluminum oxide (Ca3Al2O6). No magnetite or hematite was found in this ash. It is interesting to 
note that the nonmagnetic fractions actually showed substantially higher amounts of oxidized Hg 
than the magnetic fractions. The reported test results of this study indicated that the nonmagnetic 
fraction resulted in 24 percent of the Hg being oxidized, while 3 percent of the Hg oxidized when 
using the magnetic ash. It has been suspected that the magnetic (iron-rich) fraction in fly ash 
would be more catalytic than the nonmagnetic (aluminosilicate-rich) fraction because of its 
mineralogy (predominantly iron oxides), and possibly because the magnetic phase tends to be 
enriched in transition metals that could also serve as Hg0 oxidation catalysts. However, under 
the experimental conditions employed in this study, the test results do not support this. It was 
found that the surface area of the nonmagnetic fraction is about four times that of the magnetic 
fraction. From this study it appears that surface area is a dominant factor in determining the 
ash’s Hg0 oxidation reactivity. 

Because major differences were not observed with the two fly ashes, a set of tests 
involving a full factorial design was conducted using only the Blacksville fly ash in order to 
apply statistical techniques for identifying the important factors in determining Hg0 oxidation.10 

The statistical analysis results indicated that the composition of the simulated flue gas used in the 
tests and whether or not ash was present in the gas stream were the two most important factors. 
The presence of HCl, NO, NO2, and SO2 and all two-way gas interactions of the four gases listed 
above were found statistically significant for Hg0 oxidation. The HCl, NO2, and SO2 appeared to 
contribute to Hg0 oxidation, while the presence of NO appeared to suppress Hg0 oxidation. NO2 

was found to be the most important of the four reactive gases tested; next were HCl and NO. 
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However, the effect of NO depended on whether NO2 was present. Although the presence of 
NO2 was statistically significant as a main factor, it was found more important in its interactions 
with other gas components. Based on the statistical analysis results, the researchers of this 
project concluded that the interactions of flue gases with fly ash to cause Hg0 oxidation are 
extremely complex, and the difficulty in understanding the Hg chemistry in coal combustion flue 
gases is not surprising. It is noted that the EPA study showed significant Hg oxidation reactivity 
of the Blacksville ash, while studies at UND/EERC and Iowa State University show little Hg 
oxidation reactivity of Blacksville ash. Since the ash samples used in the above studies were 
generated at three different plant operating conditions, these conditions may play an important 
role in contributing to the reactivity of the ashes. 

5.3.3 Oxidation by Post-combustion NOX Controls 

There are indications that post-combustion NOX controls SCR and SNCR may oxidize 
some of the Hg0 in the flue gas of a coal-fired electric utility boiler. The research on this issue is 
ongoing. For current understanding of this subject, the reader is referred to Chapter 6. 

5.3.4 Potential Role of Deposits, Fly Ash, and Sorbents on Mercury Speciation 

Gaseous Hg (both Hg0 and Hg2+) can be adsorbed by the solid particles in the coal-fired 
electric utility boiler flue gas. Adsorption is the phenomenon where a vapor molecule in a gas 
stream contacts the surface of a solid particle and is held there by attractive forces between the 
vapor molecule and the solid. Solid particles are present in all coal-fired electric utility boiler 
flue gas as a result of the ash that is generated during combustion of the coal. Ash that exits the 
furnace with the flue gas is called fly ash. Other types of solid particles may be introduced into 
the flue gas stream (e.g., lime, powdered activated carbon) for pollutant emission control. Both 
types of particles may adsorb gaseous Hg in the boiler flue gas. This section addresses the 
adsorption of gaseous Hg by fly ash. Adsorption of Hg by sorbent particles introduced into the 
flue gas stream and subsequently captured in a downstream PM control device is discussed in 
Chapter 6 as related to specific control technologies that may be implemented to increase overall 
Hg removal from the boiler flue gas. 

Gaseous Hg can be adsorbed by fly ash in the flue gas (sometimes called "in-flight" 
adsorption). In-flight adsorption of gaseous Hg by fly ash occurs in the post-combustion region 
where the flue gas contains its highest concentration of fly ash (i.e., prior to the first PM control 
device). The type of coal from which a fly ash originates appears to strongly influence its ability 
to adsorb Hg. Pilot-scale 11 and field data 12 have indicated that fly ashes from subbituminous 
coals (specifically, those from the Powder River Basin in Wyoming) adsorb more gaseous Hg 
than fly ash from lignite and bituminous coals. Test data show 30 percent in-flight adsorption of 
gaseous Hg by fly ashes from boilers burning these subbituminous coals compared to 10 to 20 
percent adsorption by the fly ashes from boilers burning lignite or bituminous coals. It has been 
suggested that the measured removals of Hg by fly ash can be inflated based on the sampling 
method, but in most cases are below 15 percent. General trends indicate that in-flight field 
capture of Hg from combustion of subbituminous coals is higher than from combustion of 
bituminous coals.13 
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The carbon content of fly ash is another parameter that may influence adsorption of 
gaseous Hg (the carbon in fly ash is unburned coal). Conditions that result in increased amounts 
of carbon in fly ash tend to increase the amount and subsequent capture of particle-bound Hg. 
Hg has been found to concentrate in the carbon-rich fraction of fly ash.14,15  For similar coals, 
both laboratory 16 and pilot- and large-scale data 11 have shown a positive correlation between 
adsorption of gas-phase Hg and carbon content in fly ash. A research project conducted at full-
scale coal-fired electric utility boilers in Colorado indicates that certain fly ashes adsorb 
significant levels of Hg from flue gas. Chapter 7 describes the methodology and results of this 
study in detail. Many of these fly ashes have carbon content greater than 7 percent, but one low-
carbon content fly ash has also been identified. This research project and the possibility of using 
fly ash re-injection for Hg control is discussed in Chapter 6. 

Gaseous Hg also can be adsorbed by fly ash collected on the surface of a FF. In a FF, 
there is contact of gaseous Hg in the flue gas with the collected layer of fly ash on the FF bags as 
the gases flow through the FF. Pilot-scale tests of a low-carbon fly ash (less than 0.5 percent 
carbon) showed that the fly ash adsorbed 65 percent of the gaseous Hg0 entering a FF; the data 
indicate that fly ash properties other than just carbon content may affect adsorption. The tested 
fly ash was produced from the combustion of a subbituminous coal from the Powder River Basin 
in Wyoming.  Western subbituminous coals generally contain high concentrations of CaO and 
tend to adsorb high levels of Hg0. At this time, the mechanisms by which these Western coals 
adsorb Hg0 are not known; however, the CaO content may be a factor. It has been shown in a 
pilot-scale study that combustion of western coals tends to produce relatively high particle-bound 
Hg emissions.17 

5.4 Capture of Mercury by Sorbent Injection 

Mercury can be captured and removed from a flue gas stream by injection of a sorbent 
into the exhaust stream with subsequent collection in a PM control device such as an electrostatic 
precipitator or a fabric filter. The implementation of this type of Hg control strategy requires the 
development, characterization, and evaluation of low-cost and efficient Hg sorbents. 
Experimental methods for characterization and evaluation are presented below. Further, efforts 
to develop better sorbents, with greater capacity and lower cost, are also discussed. 

5.4.1 Sorbent Characterization 

Sorbents are characterized by their physical and chemical properties. The most common 
physical characterization is surface area. The interior of a sorbent particle is highly porous. The 
surface area of sorbents is determined using the Brunauer, Emmett, and Teller (BET) method of 
N2 adsorption.18  Nitrogen is adsorbed at the normal boiling point of –195.8 °C and the surface 
area is determined based on mono-molecular coverage. Surface areas of sorbents range from 5 
m2/g for Ca-based sorbents to over 2000 m2/g for highly porous activated carbons. Mercury 
capture often increases with increasing surface area of the sorbent.  However, recent research 19 

has suggested that pore surface area in the micropores is more important than the total surface 
area for the removal of part per billion concentrations of Hg from coal combustion flue gases. 
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Particle size distribution is another physical characteristic that is used to describe 
sorbents. Activated carbons that are used for Hg control are powdered with a size on the order of 
44 µm or less. Particle size is measured using sieves or a scanning electron microscope (SEM). 
Generally, the smaller the particle size of an activated carbon, the better the access to the surface 
area and the faster the rate of adsorption kinetics. Careful consideration of particle size 
distribution can provide significant operating benefits, both in fabric filter applications, where 
pressure drop must be considered, and in ESP (or duct injection) applications, where mass 
transfer limitations in the short residence time mean that adsorption is a function of sorbent 
particle size. 

Determination of the pore size distribution of an activated carbon is an extremely useful 
way of understanding the performance characteristics of the material. Pore sizes are based on the 
diameter of the pore and are categorized using the following IUPAC conventions: micropores 
<2 nm, mesopores 2-50 nm, and macropores >50 nm. Micropore volume can be estimated from 
CO2 adsorption at 273 K using the Dubinin-Radushkevich (DR) equation. Total pore volume 
can be determined using N2 adsorption. 

Some of the chemical properties of activated carbons that influence Hg capture include 
sulfur content, iodine content, chlorine content, and water content. Functional groups of a 
sorbent have been shown to play an important role in adsorption behavior. Many carbon-oxygen 
functional groups have been identified in activated carbon including carbonyl, carboxyl, quinone, 
lactones, and phenol groups. Many methods have been used to study the functional groups 
present in carbonaceous materials including neutralization of bases, direct analysis of the oxide 
layer by chemical reaction, infrared spectroscopy, and x-ray photoelectron spectroscopy.  For 
example, specific surface oxygen functional groups can be estimated by using the data measured 
from the base titration based on the following assumptions: NaHCO3 titrates carboxyl groups; 
NaOH titrates carboxyl, lactone, and phenol groups; CO2 is a decomposition product of carboxyl 
and lactone groups; and CO is a decomposition product of phenol and carbonyl groups.20  The 
NaOH and HCl titration values can estimate the acidity and basicity of a carbon, respectively. 

5.4.2 Experimental Methods Used in Sorbent Evaluation 

In order to evaluate the performance of a specific Hg sorbent, several types of 
experimental reactors are used. The first step is testing in a bench-scale reactor system, which 
may be a fixed-bed, entrained-flow, or a fluidized-bed system. Sorbents that perform well in 
bench-scale tests are then tested in a pilot-scale system and may eventually be tested in a full-
scale system. These systems are discussed below. 

5.4.2.1 Bench-scale Reactors 

Bench-scale reactors are the smallest category of reactors, hence the term “bench-scale.” 
There are several types of bench-scale reactors that are used to evaluate Hg sorbents. The first 
type that will be discussed is a fixed-bed or packed-bed system. This type of reactor simulates 
Hg0 capture that would occur in a FF. Another type of bench-scale reactor is an entrained-flow 
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reactor, which simulates in-flight capture of Hg0 upstream of an ESP. It is important to highlight 
the major differences between these two reactors as shown in Table 5-2. 

Fixed-bed Reactor. A schematic of the experimental apparatus used by EPA to study the 
capture of Hg0 and HgCl2 is shown in Figure 5-7. A detailed description of the apparatus can be 
found elsewhere.21 In this system the Hg vapor generated is carried into a manifold by a nitrogen 
stream where it is mixed with SO2, HCl, CO2, O2, and water vapor (as required by each 
particular experiment). The sorbent to be studied (approximately 0.02 g diluted with 2 g inert 
glass beads; bed length of approximately 2 cm) is placed in the reactor and maintained at the 
desired bed temperature by a temperature controller. A furnace kept at 850 °C is placed 
downstream of the reactor to convert any Hg2+ (as in HgCl2) to Hg0. According to 
thermodynamic predictions, the only Hg species that exists at this temperature is Hg0.22 Quality 
control experiments, in the absence of HCl in the simulated flue gas, also showed that all the 
HgCl2 could be recovered as Hg0 across this furnace. The presence of the furnace enables 
detection of non-adsorbed HgCl2 as Hg0 by the on-line ultraviolet (UV) Hg0 analyzer, thus 
providing actual, continuous Hg0 or HgCl2 capture data by the fixed bed of sorbent. The UV Hg0 

analyzer used in this system responds to SO2 as well as Hg0. Signal effects due to SO2 are 
corrected by placing an on-line SO2 analyzer (UV) downstream of the Hg0 analyzer and 
subtracting the measured SO2 signal from the total response of the Hg analyzer; the SO2 analyzer 
is incapable of responding to Hg in the concentration range generally used. 

In each test, the fixed bed is exposed to the Hg-laden gas for 7 hours or until 100 percent 
breakthrough (saturation) is achieved (whichever comes first). During this period the exit 
concentration of Hg is continuously monitored. The instantaneous removal of Hg0 or HgCl2 at 
any time (t) is obtained as follows: 

Instantaneous removal at time t (%) = 100*[(mercury)in-(mercury)out]/(mercury)in. 

The specific amount of Hg uptake (q, cumulative removal up to time t; weight Hg 
species/weight sorbent) is determined by integrating and evaluating the area under the removal 
curves. Selected experiments conducted using this experimental setup have been run in duplicate 
and indicated a range of +10% about the mean in the experimental results. It was found that 
differences in equilibrium Hg0/HgCl2 capacities, at 200-300 mg/Nm3 inlet concentration, are 
statistically significant if the Hg0/HgCl2 capacities are at least + 10 percent different from one 
another. 

Entrained-flow Reactor. An example of a bench-scale entrained-flow reactor 23 is shown 
in Figure 5-8. This EPA reactor is constructed of quartz and is 310.5 cm long with an inside 
diameter of 4 cm. Three gas-sampling ports are located along the length of the reactor and are 
labeled SP1, SP2, and SP3. The reactor is heated with three Lindberg, 3-zone electric furnaces 
in series. The baseline Hg0 concentration is measured in the absence of activated carbon using 
an ultraviolet (UV) analyzer (Buck Scientific, model 400A). Once the baseline is established, 
activated carbon is fed into the top of the reactor using a fluidized-bed feeder (0.2-0.5 std. 
L/min). The gas-phase Hg0 concentration is then measured at one of the sample ports by pulling 
a gas sample (0.5 std. L/min) through a 1 µm filter to remove any particles, then through a 
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Table 5-2. Comparison of bench-scale fixed-bed with entrained-flow reactors. 

Test Condition Fixed-Bed Reactor Entrained-Flow Reactor 

Simulation of capture in Fabric filter Upstream of an ESP 

Sorbent exposure Minutes/Hours/Days Less than 4 seconds 

Sorbent evaluation based on Breakthrough or uptake capacity Reactivity 
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Figure 5-7. Schematic of bench-scale fixed-bed reactor (source: Reference 21). 
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reducing furnace to convert any oxidized Hg to Hg0. The reduction method is described 
elsewhere. 21 After the reducing furnace, the gas is dried using a Nafion gas sample dryer 
(Perma Pure, Inc.) and is finally sent to a Buck analyzer. 

Initial tests are conducted using nitrogen (N2) as the carrier gas with later tests performed 
in a flue gas from a methane flame. In the N2 carrier gas tests, industrial grade N2 (1 std. L/min) 
flows over a Hg0 permeation tube that is housed in a permeation oven (VICI Medtronic’s, model 
190) to generate a Hg0-laden gas stream. The N2/Hg0 stream is diluted with a second N2 stream 
(12 std. L/min) to the desired concentration before entering the top of the reactor. Other gases 
(SO2, NOX, O2, water vapor) can be blended into the N2 carrier gas in the mixing manifold. 

A fluidized-bed feeder is used to inject sorbent into the reactor. An inlet line of N2 is 
used to fluidize and carry the activated carbon to the reactor. The carbon feed rate is adjusted by 
varying the amount of N2 (0.2 to 0.5 std. L/min) entering the feeder. 

Because the UV analyzer used to detect Hg0 is sensitive to particles, a filter is used to 
remove any carbon that may have been carried with the gas. Tests have been conducted to 
determine if carbon particles accumulate on the filter, as this would act like a packed bed and the 
reactor’s removal of Hg0 would be a combination of in-flight and filter (packed-bed) capture. In 
these tests, activated carbon was injected in the absence of Hg0, and a gas sample was pulled 
through the filter. After 1 minute, Hg0 was added to the gas stream to see if there was a lag in 
the time it takes for the baseline to return. The results were the same as for a blank filter, 
suggesting that the filter does not have an effect on the results. 

The total flow through the reactor is typically 13 std. L/min, which gives residence times 
of 5.2, 11.5, and 17.7 s at ports SP1, SP2, and SP3, respectively.  The velocity of the particles 
through the reactor is assumed to be the same as that of the gas flow since the terminal velocity 
of the particles is smaller than the velocity of the gas through the reactor by a factor of 3. 

Fluidized-bed Reactor. Another type of bench-scale reactor that is used to evaluate 
sorbents is a fluidized-bed reactor, 24 shown in Figure 5-9. The advantage of this type of reactor 
is the extended contact time between the sorbent and the Hg-laden gas. Bench-scale Hg removal 
tests can be performed on a fluidized-bed reactor apparatus. In a typical experiment, an 
Hg/NO/SO2 mixture, nitrogen, and dry air are metered through rotameters to produce 12 scfh of 
a dry simulated flue gas of 300 ppmv NOX, 600 ppmv SO2, 8 percent O2, and varying Hg 
concentrations. This gas is preheated to reaction temperature (80 °C) and humidified with 
vaporized water to an average 10.5 mol % water. The resulting wet simulated flue gas is then 
passed through a vertical reactor loaded with fluidized sorbent and sand, and then passed through 
a filter to remove any entrained particulate to protect the downstream equipment. The reactor 
and filter assembly are housed in an oven maintained at 80 °C. The test stand is equipped with a 
bypass of the reactor and filter assembly to allow for bias checks. Sorbent is exposed to 
simulated flue gas for 30 minutes. Water is removed from the spent flue gas with a NAFIONTM 

Dryer. Dry gas is then serially analyzed with Hg, SO2, and NOx continuous emission monitors 
(CEMs). 
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Figure 5-9. Schematic of bench-scale fluidized-bed reactor system (source: 
Reference 24). 
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5.4.2.2  Pilot-scale Systems 

Initial design and testing is done in bench-scale reactors. Once the fundamentals of Hg 
capture have been tested in a bench-scale system, the next step is to move up to a larger or pilot-
scale system. The main difference between bench- and pilot-scale systems involves testing 
sorbents in a more realistic situation involving coal combustion flue gas. This gas is generated in 
a pilot-scale combustor that contains a FF or ESP for particulate control. An example of this is 
the pilot-scale combustor operated by DOE (see Figure 7-3). This system burns coal at a rate of 
500 lb/hr and is equipped with a FF. Sorbents, such as activated carbon, are injected upstream of 
the PM control device. Mercury removal is determined by gas-phase sampling upstream of the 
sorbent injection point and downstream of the PM control device. 

Pilot-scale Hg removal can also be examined using a flue gas slipstream from a full-scale 
unit. An ESP or FF is attached to the slipstream and tested. A portable FF was developed by 
EPRI and called a COHPAC (COmpact Hybrid PArticulate Collector) unit. 26  This unit was 
tested for Hg removal using activated carbon. The URS Corporation (formerly Radian 
International) also developed a reactor system that uses a slipstream of actual flue gas withdrawn 
from a power plant to evaluate sorbents or catalysts in a fixed bed.  27 It should be noted that the 
slipstream reactor, which uses actual coal combustion flue gas, does not always produce the 
same Hg captive behavior of a sorbent that a similar laboratory system does using simulated flue 
gas. 28 It is important to perform pilot-scale tests prior to conducting full-scale tests to eliminate 
uncertainties and costly redesign of a process. With the data collected in the pilot-scale studies, 
full-scale tests can be initiated. 

5.4.2.3  Full-scale Tests 

Most of work to date in Hg control has been done in bench- or pilot-scale systems. These 
reduced-scale systems provide insight into many issues, but cannot fully account for the impacts 
that additional control technologies have on plant-wide equipment. Therefore, it is necessary to 
scale up and perform full-scale tests to document actual performance in a full-scale boiler. These 
tests are based on the results obtained in bench- and pilot-scale tests. Screening tests in bench-
and pilot-scale systems identify sorbents that are effective in capturing Hg. These sorbents are 
then tested in a full-scale coal-fired electric utility power plant to determine full-scale 
performance. 

Each full-scale unit is unique in terms of the pollution control equipment that is present 
as well as the operating conditions. Some of the factors that are evaluated include: 

• Type of particulate control equipment that is used (ESP or FF), 

• Impact of cake thickness and cleaning frequency in a FF, and 

•	 Removal of Hg by the fly ash in the system. Subbituminous coal ashes have been 
shown to be effective in capturing Hg. 
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5.4.3 Research on Sorbent Evaluation 

5.4.3.1 Sorbent Evaluation Using Enhanced-flow Reactors 

A flow reactor was designed to simulate Hg0 capture through a duct or ESP and to obtain 
kinetic rate constants for the adsorption of Hg0 onto sorbents. Several researchers have predicted 
that, under certain conditions, dispersed-phase capture would be limited by mass transfer. 29,30 

Calculations were performed to determine the required operating conditions to minimize external 
mass transfer effects in the flow reactor, and experimental tests were performed to verify these 
calculations.23,31,32  The first test involved changing the diffusion coefficient by changing the gas 
in the system from N2 to helium (He) and to argon (Ar) while holding all other parameters 
constant (particle size, residence time, temperature, and Hg0 concentration). The diffusion 
coefficient increased by an order of magnitude by changing the gas from N2 to He. Using a 
lignite-based commercially available carbon (Norit FGD) at 100 °C and a Hg0 concentration of 
86 ppb, Hg0 removal was 6 percent at a carbon to Hg ratio (C:Hg) of 1,500:1 and increased to 30 
percent at a C:Hg of 8,000:1. Experimental results were similar when He was used as compared 
to N2. If external mass transfer were controlling, then a higher Hg0 removal would have been 
obtained using He, since the mass transfer coefficient increased. 

A second test involved using two commercially available activated carbons, Norit FGD 
and Calgon WPL at 100 °C and 124 ppb Hg0 in dry N2. Removal for the FGD carbon ranged 
from 9 percent (C:Hg=2200:1) to 23 percent (C:Hg=6400:1). Removal for the WPL carbon 
ranged from 11 percent (C:Hg=340) to 94 percent (C:Hg=5000:1). If dispersed-phase capture in 
the flow reactor were film-mass-transfer limited, the two activated carbons would have removed 
similar amounts of Hg0 at a given C:Hg, assuming each carbon had sufficient Hg0 capacity. 

The flow reactor has been used to examine the effect of temperature, particle size, 
residence time, carbon type, and gas composition on Hg0 removal.31-33  The effect of particle 
size on Hg0 removal for Darco FGD at 100 °C and a Hg0 concentration of 86 ppb is shown in 
Figure 5-10. Several particle sizes (4-8, >8-16, >16-24, and >24-44 µm) were injected into the 
flow reactor at C:Hg ratios ranging from 2000 to 11,000:1. The gas was sampled at SP2, 
resulting in a gas contact time of 8.4 s. Figure 5-11 shows that greater Hg0 removal is achieved 
by increasing the feed rate and by decreasing the particle size. At a C:Hg of 5000:1, a 5 percent 
reduction was obtained with the >24-44 µm size fraction as compared to a 20 percent reduction 
with the 4-8 µm fraction. Thus by using a smaller particle a higher removal can be obtained at a 
given C:Hg. Both external and internal mass transfers are dependent on particle size: the effect 
of mass transfer increases with an increase in particle size. 

5.4.3.2  Sorbent Evaluation Using Packed-bed Reactors 

Recent bench-scale studies at the University of North Dakota=s Energy and 
Environmental Research Center (UND/EERC) have focused on the interactions of gaseous flue 
gas constituents on the adsorption capacity of activated carbon for Hg.34 Bench-scale studies 
were performed using a fixed bed of carbon. The tested carbon was a commercially available 
lignite-based activated carbon (LAC) commercially known as Darco FGDTM from Norit 
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°°°Figure 5-10. Effect of particle size on adsorption for Darco FGD at 100 °C, 
86 ppb Hg0 concentration, and 8.4 s contact time (source: Reference 31). 
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